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ABSTRACT

Shale Reservoir Simulation in Basins with High Pore Pressure and

Small Differential Stress

Daniela Andrea Arias Ortiz

Hydrocarbon production from mudrock (“shale”) reservoirs is fundamental in the

global energy supply. Extracting commercial amounts of hydrocarbons from shale

plays requires a combination of horizontal well drilling, hydraulic fracturing, and

multi-stage completions. This technology creates conductive hydrofractures that may

interact with pre-existing natural fractures and bedding planes. Microseismic studies

and field pilots have uncovered evidence of complex hydrofracture geometries that

can lead to unsatisfactory wellbore flow performance.

This study examines the effects of three hydrofracture geometries (”scenarios”) on

wellbore production in overpressured shale oil reservoirs using a commercial reservoir

simulator (CMG IMEX). The first scenario is our reference case. It comprises ideal-

ized and vertical hydrofractures. The second scenario has an orthogonal hydrofracture

network made up of vertical hydrofractures with perpendicular secondary fractures.

The third scenario has vertical hydrofractures with horizontal bedding plane frac-

tures. We generated additional simulation models that aim to capture the effect on

hydrocarbon production of different fracture properties, such as natural fracture ori-

entation and spacing, number of hydrofractures per stage, number of perpendicular

secondary fractures and horizontal fractures, and fracture closure mechanism. The

results show that ideal planar fractures are an oversimplification of the hydrofracture

geometry in anisotropic shale plays. They fail to represent the complex geometry

in reservoir simulation and lead to unexpected hydrocarbon production forecasting.

They also show that the generation of unpropped horizontal fractures harms hydro-

carbon productivity, while perpendicular secondary fractures enhance initial reservoir
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fluid production.

The generation of horizontal hydrofractures is a particular scenario that may occur

in reservoirs with high pore pressure and transitional strike-slip to reverse faulting

regime. These conditions have been reported in unconventional source rock plays, like

the Marcellus shale in northeast Pennsylvania and southwest Virginia, and the Tuwaiq

Mountain formation in the Jafurah Basin in Saudi Arabia. Our findings reveal that

the presence of horizontal hydrofractures might reduce the cumulative hydrocarbon

production by 20%, and the initial hydrocarbon production by 55% compared to the

reference case. Our work shows unique reservoir simulations that enable us to assess

the impact of different variables on wellbore production performance and understand

the effects of varied hydrofracture geometries on hydrocarbon production.
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Chapter 1

Introduction

Conventional reservoirs have been unable to supply the increasing global demand

for energy, prompting a recent industrial shift to ultra-low permeability reservoirs

such as mudrock (shale) plays [1]. The development of these reservoirs consists of a

combination of multi-stage completions with hydraulic fracturing stimulation along

horizontal wells that have one or two miles in length. Hydraulic fracturing generates

dominant flow conduits with much higher permeability than the rock matrix, to

accelerate hydrocarbon production [2].

In hydraulic fracturing design, traditional hydrofracture geometry is elliptical, ver-

tical with symmetrical bi-wings, and propagation direction aligned to the maximum

horizontal principal stress [3, 4]. However, discontinuities such as natural fractures

and bedding planes alter the hydrofracture geometry in shale plays. Geological fac-

tors like the pore pressure and the present-day in-situ stress magnitudes determine

the complexity of the hydraulic fracture system. Therefore, it is critical to understand

the fracture initiation and propagation mechanisms before estimating the initial pro-

duction and ultimate recovery factor.

Several researchers developed experimental, theoretical, and numerical models to

study the factors that influence the complexity of the hydrofracture geometry in

shale plays. Blanton [5, 6] showed the crossing and diversion interaction between

the hydrofractures and pre-existing discontinuities in the rock. He identified the

horizontal differential stress and the interaction angle as the most critical factors that

control the hydrofracture propagation. Other researchers validated this finding years
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later through tri-axial laboratory experiments [7, 8, 9, 10]. These experiments also

showed that pre-existing discontinuities could arrest hydrofracture propagation.

Experimental studies also identified operational parameters such as the fracturing

fluid viscosity, pumping rate, and treating pressure as critical factors altering the

hydrofracture propagation and resulting geometry [11, 10, 12, 13]. In 1994, Renshaw

et al. [14] found that idealized planar fractures occur in rocks with high horizontal

differential stress conditions. Additional studies [13, 9], subsequently confirmed this

finding. Tan et al. [15] identified the non-planar fracture geometry in strike-slip stress

conditions through tri-axial tests in Logmaxi shale cores.

Numerical simulation is also a practical method used to study hydraulic fracture

geometry in shale plays. Different three-dimensional models have been developed

to study natural fractures and bedding plane effects on hydrofracture propagation

[16, 17, 18]. These models captured the primary physical mechanisms that determine

the complexity of hydrofracture systems.

Previous findings revealed that hydraulic fracture propagation mechanisms had

not been fully understood. However, experimental and theoretical studies have shown

that shale reservoir properties such as rock stiffness, pore pressure, present-day in-situ

stress magnitudes, and rock discontinuities are crucial parameters that determine the

hydraulic fracture geometry and its complexity [13]. Additionally, the operational

parameters can alter these reservoir properties and the hydraulic fracture system

[13, 19, 20]. The hydrofracture complexity is likely to increase in shale reservoirs with

high pore pressure and small differential stress. Microseismic studies and field pilots

have uncovered evidence of complex hydrofracture geometries that includes horizontal

hydrofractures generation and can lead to unsatisfactory wellbore flow performance

[21, 22, 23]. At present, the studies assess the hydrofracture propagation and shape,

but they do not integrate the fracture geometry into reservoir simulation analyses.

Consequently, studies lack in understanding the impact of complex hydrofracture
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systems on reservoir fluid production.

1.1 Objectives, Motivation and Approach

The main objective of this study was to analyze the impact of different hydraulic

fracture geometries on the productivity of a horizontal, multi-fractured well in shale

oil reservoirs with high pore pressure and low differential effective stresses.

To accomplish this objective, we:

• studied the effects of natural fracture geometry and connectivity, such as frac-

ture spacing, orientation, and closure;

• examined the impact of increasing the number of clusters per stage on produc-

tion;

• investigated the effect of increasing the number of secondary fractures and gen-

erated horizontal bedding plane fractures on water and hydrocarbon produc-

tion;

• compared the geomechanics-related causes of the different types of fractures,

such as natural fractures, vertical hydraulic fractures, secondary fractures, and

bedding plane fractures.

This study’s motivation is the massive fracturing treatments that many operators

apply to stimulate shale reservoirs and obtain economic production. In 2020, the

expected mean value (P50) of fracturing fluid injected into U.S. shale plays, is about

60,600 m3 (380,000 bbls) for the mean (P50) wellbore lengths of 2,500 m (8,000 ft)

[24]. The mean proppant mass injected is 7,500 tons (15 MM lbs) [24]. Similarly, the

stimulation treatments in the Jafurah Basin in Saudi Arabia require huge fracturing

fluid volume and amount of proppant. The fracturing fluid volume injected per clus-

ter is 190 m3 (1200 bbls) combined with 40 tons (80,000 lbs) of proppant [25, 26].

Horizontal wellbores have about 30 stages, with an average of 3 clusters per stage

[27, 26]. The average horizontal wellbore length in the Jafurah basin is about 1500
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m (5,000 ft) [26, 28]. From the published data, we can infer that the total fracturing

fluid volume and mass proppant per wellbore are about 18,000 m3 (113,000 bbls)

and 3,600 tons (7.2 MM lbs), respectively. The large volume of fracturing fluid indi-

cates a significant fluid leak-off into the discontinuities and the formation of complex

hydraulic fracture geometries.

In this study, we propose three hydraulic fracture geometries (”scenarios”) found

in naturally fractured reservoirs. We assess these fracture geometries and exam-

ine their effect on wellbore flow performance using a commercial reservoir simulator

(CMG IMEX). The first scenario is our reference case. It includes only vertical, ideal

hydraulic fractures. The second scenario has the same vertical hydrofractures, but

with additional hydraulically stimulated natural fractures. The third scenario has

vertical hydrofractures and horizontal bedding plane fractures. This last scenario is a

distinct case that may occur in shale plays with high pore pressure and small differ-

ential stress. Such conditions often exist in transitional strike-slip to reverse faulting

environments that have been reported in some shale plays, such as Marcellus shale

in southern West Virginia and the Tuwaiq Mountain formation in the Jafurah Basin

(Saudi Arabia) [21, 29, 30]. Our findings show that the presence of horizontal bed-

ding plane fractures harms hydrocarbon production. These fractures might decrease

the initial hydrocarbon production by about 55%, and the cumulative hydrocarbon

production by 20%, compared to the reference case.

This research is a parametric investigation that assumes idealized natural fracture

networks and hydraulic fracture systems. Despite this, it presents unique reservoir

simulations that enable us to understand the impact of hydraulic fracture geometry

on hydrocarbon production. We conclude that the planar, bi-wing fracture shape

is an oversimplification of the hydrofracture geometry in shale plays. They fail to

represent the complex geometry in reservoir simulation and lead to unexpected initial

hydrocarbon production and ultimate oil recovery. Shale oil reservoir simulation that
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uses a more realistic hydraulic fracture geometry yields more reliable hydrocarbon

production forecasting results.

1.2 Thesis Organization

The thesis is composed of five chapters. Chapter 2 introduces the general properties of

shale reservoirs and the parameters required to describe hydraulic fracturing design.

This chapter also discusses the interactions between primary hydraulic fractures and

pre-existing reservoir discontinuities.

In Chapter 3, we examine the hydraulic fracture propagation, and geometry in

shale plays at different stress conditions. This chapter comprises a summary of the

hydraulic fracture geometries reported in the literature. It also presents evidence

of the development of horizontal hydraulic fractures in shale plays worldwide. We

also review in detail the geological and operational parameters that affect hydraulic

fracture geometry. Finally, there is a discussion of proppant transport in complex

hydraulic fracture networks.

Chapter 4 summarizes the different models applied to simulate fluid storage and

flow characteristics of naturally fractured reservoirs. The models discussed are the

dual-porosity and dual-permeability model, the multiple interacting continua, and

the discrete fracture model. This chapter also presents an overview of the meth-

ods implemented to model the hydraulic fractures generated in the reservoir matrix.

There are three standard methods: Explicit Hydraulic Fracture modeling, Stimu-

lated Reservoir Volume, and logarithmically spaced-locally refined-dual permeability

(LS-LR-DK) model.

Chapter 5 shows the conceptual numerical models built and run in a commercial

black oil simulator (CMG IMEX). This chapter discusses the effects of the hydraulic

fracture geometries presented in Chapter 3 on the reservoir fluid production. We show

the effects of high pore pressure and small differential stresses in shale oil reservoirs.
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Hydraulic stimulation under such reservoir conditions may result in the generation of

horizontal bedding plane fractures that harm hydrocarbon production. We propose

two more fracture geometries and compare them with the scenario that includes hor-

izontal fractures. Lastly, we present a discussion and key conclusions of the analyses

performed in Chapter 5.



22

Chapter 2

Shale Reservoirs

Mudrock (”shale”) plays are unconventional reservoir rocks that act as both source

and reservoir rocks [31]. The fundamental properties of these reservoirs are the nano-

Darcy permeability and the micro and mesoporosity. Therefore, hydrocarbon gener-

ation and accumulation occur under high-pore pressure, while ultra-low permeability

limits the hydrocarbon migration to short-distances [32].

Figure 2.1: Shale oil and shale gas resources worldwide. This map was taken from
the U.S. Energy Information Administration (EIA)’s report of 2014. The map has
significant omissions, including Saudi Arabia shale resources, which at that time were
prospectives.

Shale matrix composition is principally clay and silt-sized minerals with calcite
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and quartz cement, and a significant volume of organic content (more than 3% TOC).

Matrix composition diverges from one shale formation to another and within the

source rock itself [33]. Shale plays also comprise discontinuities such as natural frac-

tures and laminations that are important for economic hydrocarbon production [34].

The natural fracture systems are often sealed by precipitated minerals such as calcite

[35, 36]. The laminations can be organic matter, clastic, or carbonate filled [32].

These reservoirs are geologically distinct from conventional reservoirs [31]. There-

fore, the use of specialized techniques such as horizontal wellbores, hydraulic fractur-

ing, and multi-stage completions to make them profitable is necessary. [34]. The in-

teraction between the hydraulic fractures and the discontinuities generates permeable

flow conduits that accelerate the hydrocarbons production [34]. These fine-grained

sedimentary rocks contribute to global oil and gas production significantly. The U.S

Energy Information Administration (EIA, 2013) reported shale oil and shale gas re-

sources in 42 countries worldwide (Figure 2.1). According to the EIA, more than 63%

of U.S. oil production came from tight plays in 2019.

2.1 General Properties

Shale reservoir rocks are deposited as sedimentary layers with varying rock matrix

composition, organic content, and rock fabric [37]. Major shale reservoirs in the

United States share standard features such as high total organic content (TOC), clay

content of less than 40%, and over 5% porosity [38]. However, they differ geologically

due to their depositional environments and burial histories. The general formation

properties are:

• Matrix porosity: The porosity of unconventional reservoirs ranges from 1 to

15 wt%. Hydrocarbons and/or water occupy the matrix porosity depending on

reservoir conditions [39]. Pore size is classified into micropores (< 2 nm) and

mesopores (2-50 nm) [32, 40]. Shale plays exhibit porosity within the kerogen
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and rock matrix. The porosity within the organic matter develops by shrinking

the kerogen during the maturation process [41]. The average porosity in U.S.

shale plays ranges from 5.6 to 7.4% [38].

• Composition: Shale reservoirs consist of particles with less than 0.062 mm

grain size [32]. They comprise brittle minerals (e.g., quartz, calcite, feldspar),

clay minerals, and organic matter. Most of the shale source rocks in the U.S.

consist of less than 50% clay content. Marcellus, Barnett, and Eagle Ford have

a dominant carbonate composition [38]. Haynesville and Barnett tend to be

more siliceous. It is necessary to have more than 50% quartz or carbonate

content for the shale to be potentially hydraulically fractured, and less than

40% clay content for a commercial hydrocarbon production [34].

• Organic matter: Kerogen content is the organic and insoluble matter which

exists in the source rocks. It reveals higher porosity and permeability than

the associated rock matrix [32]. The major shale oil plays in the U.S. comprise

Type-II kerogen with more than 3% total organic content (TOC) [32]. In China,

the kerogen is Type-I and Type-II [32].

• Reservoir pore fluids: The reservoir fluids are brine and hydrocarbons. The

hydrocarbons are divided into three primary fluids: natural gas, condensates,

and oil [39]. They vary from dry gas to oil, based on the degree of maturation

and total organic matter quantity present in the rock matrix. The pressure and

temperature control the occurrence of condensate in the reservoir.

• Rock mechanical properties: The parameters that play a fundamental role

during the design of a fracturing job include Young’s modulus and Poisson’s

ratio [34]. Young’s modulus reflects the rock’s rigidity, and Poisson’s ratio

represents the rock’s elasticity [32]. Thus, a high Young’s modulus and a low

Poisson’s ratio result in a target hydraulically fracturing region. Jiang et al.

[32] proposed that a good shale reservoir should satisfy the following conditions:
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Young’s modulus higher than 20 GPa, Poisson’s ratio value lower than 0.25,

brittle mineral content of more than 40%, and less than 30% clay mineral

content [32].

2.2 Horizontal Wells and Multi-stage Hydraulic Fracturing

Hydrocarbons in unconventional reservoirs are produced at economical rates using

both horizontal well drilling and multi-stage hydraulic fracturing [42]. The horizontal

well enhances the contact area between the well and target zone. It is a common

practice to drill the wellbore in the direction of the minimum principal stress (Shmin)

[43]. The well is hydraulically fractured in multiple stages to create multiple frac-

tures that transport the reservoir fluids (Figure 2.2). The hydrofractures propagate

orthogonally to the least principal stress plane, and they may grow vertically out

of the target zone. The expected hydraulic fracture geometry is a bi-wing vertical

fracture. However, the hydrofractures may connect with pre-existing discontinuities

that alter the fracture geometry.

The multi-stage hydraulic fracturing process is a stimulation method applied in

horizontal wellbores to improve hydrocarbon production. During the process, opera-

tors inject fracturing fluid, proppant, and some chemicals into the rock matrix. These

agents generate downhole pressures higher than the formation fracturing pressure.

The fracturing fluid initiates and propagates the hydraulic fractures. The proppant

supports compression stress and keeps the created flow conduits open during reser-

voir fluid production. This process occurs in stages along the horizontal section of the

wellbore. Every stage is isolated using packers or plugs to enclose the fracturing fluid

into one stage at a time. Each fracture stage contains multiple perforation clusters

that supposedly initiate one fracture per cluster.
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Figure 2.2: Idealized sketch of the horizontal wellbore along with multi-stage hydraulic
fracturing (Cross-view along the wellbore). The vertical hydraulic fractures (red lines)
are shown within the target zone, but they may grow out of the zone.

Barnett Shale was the first source rock completed using both horizontal drilling

and multi-stage hydraulic fracturing [31]. Nowadays, wellbore completion includes

much more hydraulic fractures spaced close to each other. Multiple hydraulic frac-

tures, reactivated natural fractures and laminations, constitute the stimulated reser-

voir volume (SRV). Current treatments mostly use low-viscosity fracturing fluids

(slickwater) that result in poor proppant transport.

2.2.1 Fracturing methods

The two most common types of fracturing techniques applied in the industry are:

• Plug-and-perf: This is the method most often used in unconventional reser-

voirs. The method uses perforation guns and plugs in a wireline tool [44]. The

perforation guns and the plug set electrically, and create clusters at different

points along the horizontal well before hydraulic fracturing [43]. The process

is performed from the wellbore’s toe to heel in cemented and cased wells [45].
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Each stage of the process involves multiple fracture pressurization [43]. The

objective is to propagate a hydraulic fracture from every perforation cluster

[45]. However, the process does not initiate all the hydraulic fractures. Today’s

practice places each cluster 9 m (30 ft) apart to maximize the contact area [44].

After the completion of the last stage, the plugs are drilled out, and the well

starts to flow back and recover the fracturing fluid.

• Sliding sleeve: This method consists of isolating several intervals and, subse-

quently, hydraulically fracturing them. The process starts from the wellbore’s

toe to heel. The sliding method creates one fracture per stage, which is not

sufficient for the stimulation of an ultra-low permeability rock matrix [43]. How-

ever, the technique is more practical than the plug-and-perf method because

it reduces stimulation cycle times [44]. This method can achieve a minimum

cluster spacing of 12 m (40 ft) that is the length of the casing joint [44]. It is

frequently used in shale oil reservoirs such as Bakken shale [44].

2.2.2 Fracturing fluids

Fracturing fluids generate the pressure to create and propagate the hydrofracture.

They also act as a medium to transport the proppant within the fracture. There are

several types of hydraulic fracture fluid systems that work according to the formation

properties (Figure 2.3). This study reviews three of them.

• Slickwater fluid: Slickwater is a low-viscosity fluid composed of over 98%

water and some chemical additives. The most common additives are surfactant

polymers that reduce surface tension or friction [46]. This fluid has a limited

capacity to transport proppant due to its low viscosity [31]. However, slick-

water favors fracturing fluid leak-off from the hydrofractures to the reservoir

discontinuities (Figure 2.4). Slickwater fluid is the most frequently used fluid in

shale fracturing [47]. Operators currently apply this fluid in the United States
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shales, such as Marcellus and Barnett shale[46]. The key to success is to inject

the fluid at high rates (70-100 bpm), connect as many pre-existing fractures as

possible and reduce fluid leak-off [46]. The injection of this fluid aims to create

complex fracture networks while changing to a high-viscosity fluid to create the

dominant hydraulic fractures.
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Figure 2.3: Fracturing fluid design. Modified from: [46, 48].
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Figure 2.4: Schematic diagram of hydraulic fractures and natural fractures interaction
when using slick water fracturing fluid (Map view). Modified from: [49].
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• Cross-linked gel fluid: The injection of cross-linked gel generates dominant

bi-wing hydraulic fractures (Figure 2.5) [46]. This fluid has a high capacity

to transport proppant into the formation due to its high viscosity. The cross-

linked gel fluid prevents fluid leak-off into the reservoir discontinuities. This

fluid is applied in ductile formations with relatively high permeability, such as

Bakken shale [46]. The usual pumping rate is between 25 and 70 bpm.

Hydraulic 

Fractures
Well

Figure 2.5: Schematic diagram of hydraulic fractures generated during the injection
of cross-linked gel fluid. Modified from: [50].

• Hybrid fluid: The hybrid fluid system consists of slickwater injection at low

proppant concentration, followed by the pumping of cross-linked gel fluid at

higher proppant concentrations. This system increases the flow paths’ conduc-

tivity [46].

2.2.3 Proppant

Proppant is a solid material pumped along with fracturing fluids into the rock during

hydraulic fracturing jobs. The proppant prevents hydraulic fracture closure when

the overburden stress increases [51]. Successful placement of proppant within the

dominant hydraulic fractures may secure long-term production [52].

The proppant particle size is an important parameter during fracturing job design.

Traditionally, proppant injection starts with small particle size. The operators then



30

increase the proppant size to enhance near-wellbore conductivity [52]. The proppant

particle sizes generally used in unconventional reservoirs are:

• 100 mesh: This is the proppant with the smallest particle size. This proppant

can travel within the reservoir discontinuities. The injection of the 100 mesh

proppant reduces fracturing fluid leak-off through matrix cracks. This proppant

creates high-resistant flow conduits because more particles fit in a fixed-volume

and hold up the reservoir stresses. Operators recommend this proppant size for

naturally fractured reservoirs [51].

• 40/70 mesh: Operators pump this proppant after the injection of the 100

mesh proppant into shale plays [51]. This proppant particle size is larger than

the 100 mesh proppant and creates the required fracture length [51].

• 30/50 mesh: This mesh is larger than the 40/70 mesh. It has more con-

ductivity than the previous size mesh. Some fracturing jobs use the100 mesh

proppant followed by the 30/50 mesh proppant to enhance the conductivity

near the wellbore, particularly in liquid-rich formations. This proppant does

not travel a long distance into the formation because it has a high particle

settling velocity [51].

• 20/30 mesh: This is the largest proppant size. It maximizes the near-wellbore

conductivity [51].

The different kinds of proppants (Figure 2.6) used during hydraulic fracturing

processes are described below:

• Sand: This is the proppant with the lowest-strength. It is cheap and readily

available in the market. Sand proppant can withstand up to 6,000 psi closure

pressure [52], and it is the most typically used in the oil and gas industry [45].

There are two types of sand: Ottawa white sand, and brown sand [47].

• Resin-coated sand: This proppant has medium strength. It is costly com-

pared to sand, but it has a higher conductivity [51]. This type of sand is suitable
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in formations with closure pressure of between 6,000 and 8,000 psi [51]. Resin-

coated sand is advantageous in that it prevents the migration of sand particles

[51].

a) b) c)

White sand Resin coated sand Ceramic sand

Figure 2.6: Different proppant types. (a) White sand, (b) Resin-coated sand, and (c)
Ceramic proppant. Source: [45].

• Ceramic proppant: This is better quality than the resin-coated sand. It is

thermally resistant, and it has a uniform particle size and shape [47]. There

are three types of ceramic proppant: lightweight, intermediate-strength, high-

strength. The lightweight ceramic proppant has a specific gravity of 2.72. It

resists closure pressures between 6,000 and 10,000 psi [51]. The intermediate-

strength proppant has a specific gravity of between 2.9 and 3.3. This proppant

resists closure pressure ranging from 8,000 to 12,000 psi [51, 52]. Ceramic

proppants form from sintered bauxite or magnesium silicate [52]. The high-

strength proppant is the sintered bauxite. It can withstand closure pressures up

to 20,000 psi. This proppant is applicable in deep and overpressured formations

where the closure pressure is more than 10,000 psi [45, 47, 51].

2.3 Interactions between Hydraulic Fractures and Pre-existing

Discontinuities

Discontinuities such as natural fractures and bedding planes play a critical role during

hydraulic fracturing jobs and hydrocarbon production. The discontinuities act as
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planes of weakness that favor the interaction between created hydraulic fractures,

pre-existing natural fractures, and laminations. The interaction causes fracturing

fluid leak-off and complex fracture networks.

Discontinuity

Crossing

Diversion

Hydraulic 

Fracture

Offset

Arrest

Figure 2.7: Sketch of the hydraulic fracture interaction with discontinuities such as
natural fractures and bedding planes. Modified from: [53].

The intersection of the hydraulic fracture with the different discontinuities results

into different interactions (Figure 2.7):

• Crossing: The hydraulic fracture crosses a discontinuity and propagates along

its initial direction. Crossing interaction occurs when there is a high approach

angle, and the stresses are lower than the compressive stress that is normal in

relation to the discontinuity plane [5].

• Diversion: Fracturing fluid diversion occurs when the discontinuity has low-

strength cement. The fracturing fluid diversion dilates the natural fracture or

bedding plane by fluid pressure [54]. The fluid pressure needs to be higher

than the compressive stress that is normal in relation to the discontinuity plane

[53]. This study considers diversion as the interaction that generates horizontal

bedding plane fractures.

• Crossing with offset: A hydraulic fracture diverts and crosses a discontinuity
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to propagate along its original direction. These interactions occur during the

reactivation of pre-existing natural fractures and generate orthogonal complex

fracture networks.

• Arrest/slippage: Hydraulic fracture propagation stops when it approaches

the pre-existing natural fracture or lamination.

Previous numerical and experimental studies analyzed the factors that affect hy-

draulic fracture interactions [5, 11, 55, 10, 56, 57]. These factors control whether

the created primary hydraulic fracture crosses or diverges into a discontinuity, and

include mechanical rock properties, discontinuity size and orientation, present-day

in-situ stress anisotropy, and pore pressure [3, 2, 58, 59].

Hydraulic fracture interactions with the natural fractures or bedding planes may

induce the well-known fracture growth containment effect. Some authors have pro-

posed shear slippage as the principal mechanism that controls the vertical fracture

height growth [4]. Teufel et al. [56] identified weak lamination strength, and an

increase in the least horizontal stress, as geologic conditions that arrest vertical hy-

draulic fracture growth. According to Gudmundsson et al. [60], the factors that pro-

mote hydraulic fracture arrest are the opening of pre-existing discontinuities, changes

in the stiffness of the layers, and abrupt changes in mechanical rock properties.
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Chapter 3

Hydraulic Fracture Propagation Direction

3.1 Hydraulic Fracture Geometry

The most common hydraulic fracture shape is vertical, planar with symmetrical bi-

wings. These fractures rarely occur in shale plays. Hydrofracture geometry is gen-

erally complex, but planarity develops in many reservoirs. The least principal stress

direction controls fracture geometry. The hydraulic fracture opens against the mini-

mum principal stress (least amount of energy).

(a) Simple fracture. (b) Complex fracture.

(c) Complex fracture with fis-
sure opening.

(d) Complex fracture network.

Figure 3.1: Diagram illustrating the complex hydraulic fracture geometry. Source:
[61].

Figure 3.1 is a diagram showing the complexity of the hydraulic fracture geome-
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try [61]. The figure omits fracture geometries generated by the interaction between

hydrofractures and discontinuities at oblique angles. The first geometry is a simple

planar fracture that often occurs in homogeneous reservoirs. Figure 3.1b illustrates

the fracture geometry generated when pre-existing natural fractures have the same

orientation as hydraulic fractures. Fissure opening occurs due to the reactivation

of pre-existing natural fractures oriented normally to the hydraulic fracture plane

(Figure 3.1c). The last fracture geometry (Figure 3.1d) develops in reservoirs with

orthogonal sets of natural fractures. Our study proposes different hydraulic fracture

geometries that vary with the geological environment and the operational factors

involved during hydraulic fracturing jobs.

• Vertical, planar, bi-wing hydraulic fractures: Hydraulic fractures initiate

in a plane perpendicular to the wellbore and propagate symmetrically in the

maximum horizontal stress direction. This geometry is likely to occur in reser-

voirs under normal stress faulting regime and normal pore pressure (below or

equal to 10 MPa/km or 0.43 psi/ft) [39, 62]. Those reservoirs may have large

vertical and horizontal stress anisotropies and discontinuities with high-strength

cement. These conditions favor the crossing interaction between hydrofractures

and discontinuities [62]. Our study considers this hydraulic fracture geometry

as the reference scenario.

• Vertical hydraulic fractures with reactivated natural fractures: In this

scenario, three types of interaction may occur: diversion, crossing, and arrest.

Thus, the fracturing fluid diverges through pre-existing natural fractures. The

primary hydraulic fractures can cross the natural fractures and propagate along

their original direction. Natural fractures may act as a barrier for the hydraulic

fracture height growth.
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Figure 3.2: Diagram illustrating a primary hydraulic fracture with four bedding plane
fractures. Source: [17].

• Vertical hydraulic fractures with horizontal bedding planes fractures:

Hydrofractures propagate perpendicular to the wellbore. Additionally, low-

strength cement favors the generation of a horizontal fracture component per-

pendicular to the vertical stress direction [62]. The shape of the bedding plane

fractures and the vertical hydraulic fractures is an ellipse [62]. When multiple

fractures generate (Figure 3.2), the horizontal fracture volume decreases as the

injection point distance increases [17]. In this case, hydrofractures cross the

weak bedding planes near the injection point. The last weak bedding planes

arrest the hydraulic fracture height [53].

• Vertical hydraulic fractures with bedding planes and reactivated nat-

ural fractures: This is a more complicated scenario. The hydraulic fractures

may interact with pre-existing natural fractures and weak bedding planes of

the rock. The hydrofractures can cross the discontinuities with high-strength

cement. Furthermore, they can also divert and propagate through the disconti-

nuities with low-strength cement. In the case of low anisotropy and significant

fracturing fluid leak-off, the hydraulic fracture growth may be stopped or slowed

down [63, 64].
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3.2 Evidence of Horizontal Hydraulic Fractures

Hydraulic fractures are created as the result of a stimulation pressure that exerts

tensile stress higher than the tensile strength and fracture toughness of the stimu-

lated formation. These fractures grow perpendicular to the minimum principal stress

direction. Previous studied relied on vertical plane fracture propagation. They do

not evaluate the possibility of horizontal fracture propagation in reservoirs with small

differential stress conditions. However, recent studies have exhibited evidence of hor-

izontal fracture generation in different shale plays around the world.

Celleri et al. [22] uncovered evidence of the creation of horizontal hydrofractures

in Argentinan shales with a strike-slip stress environment. They observed that the

well’s performance is sensitive to the contrast between the overburden and the mini-

mum horizontal stress. The wells drilled in zones with low-stress contrast (about 3%)

had lower hydrocarbon recovery factors than wells drilled in regions with high-stress

contrast (about 10%). In 2019, Nicholson et al. [23] presented evidence of horizon-

tal fracture generation in the west Duvernay shale basin in Canada. They studied

fluid leak-off and closure fracture behavior through Diagnostic Fracture Injection Test

(DFIT) analysis.

Results from microseismic studies and field pilots of the Marcellus shale in south-

west Virginia show that 14 out of 31 fracture stages revealed the generation of hori-

zontal hydrofractures [21]. The analyzed area has a transitional strike-slip to reverse

faulting stress environment. Horizontal fractures occurred in an organic-rich (TOC

6-8%) layer with similar vertical and minimum horizontal stress magnitudes [21].

Horizontal hydrofractures also occurred in the western Sichuan basin (China).

The hydraulic fracture geometry was -T and -I shape [65]. Additionally, studies

of signature in radioactive tracing, spectra gamma-ray logs, and fracturing pressure

behavior revealed fracture height containment. The results uncovered the probability

of creating near-horizontal or bedding-plane fractures in this basin [4].
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Finally, microseismic events from a hydraulic fracture stimulation exhibited frac-

ture reorientation in a thrust fault in Western Canada [66]. A horizontal fracture

formed in the lower part of the fault. In contrast, a vertical hydrofracture grew at the

top of the fault. The study associated fracture geometry variations with the rotation

of the minimum principal stress direction.

3.3 Geological Parameters Affecting Hydraulic Fracture Prop-

agation

Hydraulic fracture networks are important to maximize production in shale plays.

The primary hydraulic fractures must connect with pre-existing natural fractures

or bedding planes to create a hydraulic fracture system [2]. Several geological pa-

rameters influence the formation of hydraulic fracture networks and their associated

geometry. Parameters include rock mineral composition, rock mechanical properties,

natural fractures (orientation, size, and distribution), bedding plane cement strength,

pore pressure, and stress anisotropy [3, 2, 58, 59]. This study analyzes the last four

geological parameters that affect hydraulic fracture geometry.

1. Formation discontinuities: Natural fractures and bedding planes

Discontinuities in shale plays contribute to the fracturing fluid leak-off and

affect the hydraulic fracture geometry [67]. The main factors that affect the

primary fracture geometry are the orientation of the discontinuities, cement

strength, and the interaction angle between hydrofractures and discontinuities

[5, 7, 68, 69, 2, 15].

The interaction angle varies from 0 to 180 degrees. Interaction angles below

45 degrees and low-strength cement favor the diversion of the fracturing fluid

through the natural fractures and bedding planes [5, 6, 7, 68, 8, 13]. However,

under interaction angles higher than 45 degrees and high-strength cement,
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hydrofractures may cross the pre-existing discontinuities [8, 16].

Hydrofractures often cross the pre-existing discontinuities when the interaction

angle is near to 90 degrees [70]. However, low-strength cement (organic-rich

laminations) favors the fracturing fluid’s diversion and opening of the orthogo-

nal natural fractures and horizontal bedding planes [53]. When discontinuities

have high-strength cement, and the interaction angle is oblique, the hydraulic

fractures may merge with the discontinuities. Fracturing fluid easily induces

natural fractures because they commonly have a relatively low mechanical

strength [71].

Hydraulic fracture height containment may occur when the fracturing fluid

propagates through the discontinuities, or shear slip develops in the pre-existing

discontinuities [72, 73, 7, 4, 65]. The hydraulic fracture growth limitation in-

creases the fracture width, and the proppant concentration near-wellbore[70].

Shale plays have higher horizontal permeability than vertical permeability.

Thus, fracturing fluid experience less resistance when propagation occurs through

the horizontal bedding planes, rather than across them [65, 8, 53, 74, 75]. Si-

multaneous vertical and horizontal propagation can also occur during fracture

growth. This mechanism is common in overpressured formations where the

effective normal stress of the bedding plane (overburden effective stress) is

low [73]. The simultaneous propagation reduces the propagation energy of the

vertical fracture and decreases the fracture width and length.

2. Present-day in-situ stress regime

Hydraulic fracture geometry varies according to the present-day in-situ stress

regime [7, 10, 76]. However, the primary hydraulic fracture geometry also

depends on the discontinuities distribution and the stress anisotropy. The

standard fracture geometry reported based on the faulting stress conditions

are the following:
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– Normal faulting (σv>σH>σh): Hydraulic fractures are vertical and planar

with reactivated secondary fractures [7, 10, 76]. Hydrofractures propagate

along the direction of the maximum horizontal stress. The fracture tip is

subjected to the principal stresses (σv, σH, σh), and pore pressure [16].

– Strike-slip faulting (σH>σv>σh): Hydraulic fracture geometry is non-

planar due to the interaction between the primary hydraulic fracture and

the rock matrix discontinuities [7, 10, 76].

– Reverse faulting (σH>σh>σv): Hydraulic fracturing jobs create a com-

plex fracture network. In this case, the dominant hydraulic fractures are

horizontal [76]. The hydraulic fracture tip is subjected to principal stress

σH, pore pressure, and tensile strength [16].

The hydraulic fractures a have higher width and shorter length under normal

faulting stress conditions than the fractures generated in plays with reverse

faulting stress conditions [76].

3. In-situ differential stresses

Low horizontal differential stress and low confining stress conditions (low-stress

anisotropy) promote the generation of a complex fracture network [5, 7]. Thus,

hydraulic fractures merge with natural fractures or bedding planes [13, 74,

15]. Numerical studies corroborate this finding for narrow and sealed natural

fracture systems (natural fracture width less than 0.1 mm or 0.0003 ft) [13,

77, 59]. However, naturally fractured reservoirs with fracture widths of more

than 0.1 mm (0.0003 ft) impede the generation of a complex fracture network

under the same conditions[13].

High horizontal differential stress and high confining stress conditions favor

the crossing interaction between hydrofractures and pre-existing discontinu-

ities [74, 62, 78]. These conditions reduce the stimulated reservoir volume

(SRV), increase the hydraulic fracture length, and create vertical and narrow
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hydrofractures [19, 59, 77]. It is essential to mention that treating pressures

and fluid leak-off influence the vertical and horizontal stress magnitudes [16].

4. Pore Pressure

High pore pressure is responsible for low differential stress in shale plays. The

pore pressure acts in all directions. Therefore, it reduces all the effective

stress magnitudes. The reduction in the effective stress magnitudes results in

a reduction of the differential stress and convergence of the entire stress state

towards the overburden.

The overpressure develops delamination, shear failure, or overburden lift [4].

The opening and dilation of the bedding planes occur when the pore pressure

exceeds the normal compressive stress applied to the lamination (overburden)[68].

3.4 Operational Parameters Affecting Hydraulic Fracture Prop-

agation

Four main operational parameters may influence the hydraulic fracture geometry [3]:

1. Treating pressure

The standard strategy to inject the fracturing fluid consists of initial low pump-

ing rates followed by high pumping rates. This approach may not always be

practical. Treating pressures lower than the overburden pressure favor frac-

turing fluid diversion through pre-existing discontinuities under low horizontal

differential stress conditions[10]. Fracturing fluid leak-off can impede the gen-

eration of dominant hydraulic fractures at early times.

High treating pressures increase hydraulic fracture width and prevent the re-

activation of discontinuities under low differential stress [12, 17]. However,

they may favor the creation of a complex fracture network under high differ-

ential stress. Treating pressures higher than the overburden pressure generate

horizontal hydraulic fractures in shale formations [23, 4, 68].
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2. Fracturing fluid viscosity

Fracturing fluid viscosity impacts hydraulic fracture geometry in shale forma-

tions [19]. The higher the fluid’s viscosity, the lower the complexity of the

fracture network [3]. Experimental studies have shown that complex fracture

networks generate close to the wellbore with the injection of low-viscosity frac-

turing fluid (viscosity of less than three mPa.s) [62, 19, 79, 74]. In contrast,

high-viscosity fracturing fluid (viscosity of more than 50 mPa.s [13, 62]) favors

the generation of vertical and planar hydrofractures [13, 74, 19, 62].

Tan et al. [62] recommended high-viscosity fluid at the beginning of the frac-

turing treatment process to initiate dominant hydrofractures and prevent pre-

mature proppant screen-out. After that, slickwater (low-viscosity fluid) at high

injection rates creates new fractures and connects the fracture network [12].

The injection of low-viscosity fluids at a low pumping rate may lead to total

fluid leak-off into the discontinuities with no fracture initiation [12].

3. Pumping rate

The pumping rate is a critical parameter for fracture system creation. High

pumping rates (60-110 bpm [80]) promote the propagation of fracturing fluid

through rock discontinuities under high differential stress conditions [3, 77,

81]. The higher the pumping rate, the bigger the stimulated reservoir volume

(SRV), and the higher the fracture network complexity [77, 81].

Under low differential stress, low pumping rates (less than 10 bpm [80]) en-

hance the activation of natural fractures and bedding planes [74, 12, 68, 15, 19].

In this case, high pumping rates reduce the fracturing fluid leak-off and gen-

erate the primary hydrofractures [62]. However, high pumping rates may gen-

erate high net pressure that opens pre-existing natural fractures or bedding

planes.
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4. Fracturing treatment stimulation design

Barnett shale was one of the first shales to apply horizontal well drilling and hy-

draulic fracturing stimulation. The operator companies tried a massive treat-

ment with high volumes of fracturing fluids injected at high pumping rates.

The stimulation successfully created a complex fracture system [82]. Conse-

quently, operators concluded that the bigger the fracturing fluid volume, the

bigger the stimulated reservoir volume (SRV) [3]. However, the massive frac-

turing treatments may not always produce the expected hydrocarbon recovery

factor. These massive treatments may only be favorable for shale plays with

high differential stress conditions [71, 77].

An increase of the fracturing fluid volume combined with an increase in the

number of perforation clusters along the horizontal well reduces the hydraulic

fracture spacing. Therefore, under low differential stress conditions, the short

fracture spacing favors the joining of nearby fractures [71]. Thus, the fracture

network in far-wellbore regions is non-uniform and weak, producing undesir-

able wellbore performance.

3.5 Proppant Transport in a Complex Fracture Network

Proppant injection into the rock aims to keep hydrofractures open during hydrocarbon

production. Therefore, stimulation jobs require effective transport and settling of the

proppant particles within the created permeable flow conduits. However, proppant

transport within complex hydraulic fracture systems is not fully understood.

Several experimental and numerical studies have sought to understand proppant

transport in hydraulic fracture networks [82, 79, 83, 84, 85]. The fracturing fluid

flow through pre-existing discontinuities increases the fracture network complexity

and reduces the fracture width. The reduction of hydrofracture width is one of the

aspects that makes proppant transportation and settling difficult [86]. This difficulty
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may promote proppant bridging and premature screen-out [87]. Adequate proppant

transportation into the hydrofractures may occur when their width is three to four

times wider than the proppant particle diameter [18].

Low-viscosity fracturing fluid (Slickwater) produces poor proppant transport into

the hydrofractures [88]. Based on numerical studies, this fluid settles the proppant in

about 30% of the volume hydraulically opened [18]. The proppant rarely settle into

pre-existing natural fractures and bedding planes [89]. In contrast, viscous fractur-

ing fluid increases the propped area to 65% [18]. The effective proppant transport

through the pre-existing discontinuities depends on several factors such as proppant

concentration, proppant particle size, and pumping rate [84]. The higher the pumping

rates and the proppant concentration, the better the proppant transportation within

the natural fractures or bedding planes.

A 100 mesh proppant might propagate successfully through the bedding planes[79].

Based on Stoke’s law, this proppant has a low settling velocity. Therefore, the prop-

pant particles can propagate over a long distance into the laminations. Proppant

transportation into the bedding planes produces proppant accumulation in the in-

tersection between the hydrofracture and the bedding plane. The high proppant

concentration in the intersection may reduce the fracture connectivity and act as a

barrier to the flow [70].

Proppant embedment may occur when there is a rapid decline in hydrocarbon

production. This phenomenon is harmful when a small proppant particle size is

pumped into the reservoir [1]. It might reduce the hydraulic fracture width by 60%

in weakly consolidated reservoirs [1]. This phenomenon does not affect the fracturing

fluid flowback production, but it decreases the ultimate hydrocarbon recovery.
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Figure 3.3: Sketch of proppant distribution in a vertical hydraulic fracture (Map
view). Modified from: [86].

Experimental studies have shown that low pumping rates facilitate the entry of

proppant into the bedding planes when lamination intersects the hydrofracture in the

upward wing [79]. In contrast, high pumping rates favor the propagation of proppant

in the lamination when the bedding plane is located in the downward wing of the

hydrofracture.

Cipolla et al. [86] proposed a fracture height divided into three separate zones:

propped zone, arch zone, and unpropped zone. Figure 3.3 shows that the hydraulic

fracture region closer to the injection point is propped, and the fracture tip is un-

propped. The propped zone remains open after pressure release, while the unpropped

zone closes when the well starts to produce. The unpropped region may have a

residual permeability after closure, but the low conductivity harms the hydrocarbon

production.
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Chapter 4

Shale Oil Reservoir Modeling

Reservoir simulation helps engineers to understand reservoir physical mechanisms and

make decisions for optimal hydrocarbon recovery. The proper modeling and simula-

tion of naturally fractured reservoirs are challenging due to the scale of heterogeneity.

These reservoirs comprise a rock matrix that serves as the primary storage for hy-

drocarbons. They also have a set of natural fractures that acts as the main flow

paths to carry reservoir fluids to hydrofractures [90]. Therefore, they are classified as

double-porosity systems [91].

Vugs Matrix Fracture FractureMatrix

Model ReservoirActual Reservoir

Figure 4.1: Idealized naturally fractured system. Source:[92].

The optimal way to represent the matrix-fracture system at the simulation scale

is a topic of research. Despite this, some existing models can mimic the storage

and flow characteristics of naturally fractured reservoirs. One of those models is the

dual-permeability model, a standard and widely used approach for modeling these

reservoirs [93]. We applied the dual-permeability method to model the shale oil
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play. We also implemented the ”logarithmically spaced-locally refined-dual perme-

ability (LS-LR-DK)” model to simulate the stimulated reservoir volume (SRV). This

model is numerically efficient, and better captures the mass transfer between matrix-

hydraulic fractures blocks. The following sections present detailed information about

the different models.

4.1 Naturally Fractured Reservoir Modelling

1. Dual-porosity and dual-permeability model

Warren et al. [92] proposed a dual-porosity and single permeability model.

This model is an idealized representation of a complex and heterogeneous reser-

voir. The model consists of an isotropic rock matrix with primary (intergranu-

lar) and secondary porosity (Figure 4.1). The primary porosity represents the

matrix’s pore space that grants pore volume. The secondary porosity refers

to the pre-existing fractures that contribute to flow capacity. The authors in-

troduced the natural fractures as an orthogonal fracture system with uniform

spacing [92]. The set of natural fractures can have different fracture width

and spacing to increase the reservoir’s anisotropy. Fluid flow occurs from the

matrix to fracture blocks and between fracture blocks. The model ignores

mass exchange between matrix blocks (Figure 4.2) [94]. This model does not

capture transient flux between matrix-fracture blocks.

The dual-porosity model is a scheme for many applications and further inves-

tigations. Kazemi et al. [91] were the first to incorporate this concept into

a numerical model. Their research extended the concept to multiphase flow

with transient communication between matrix and fractures. According to

Blaskovich et al. [95], this model works successfully only in highly fractured

reservoirs with ultra-low permeability.
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Fractures

Matrix

Figure 4.2: Schematic figure of the connectivity between fractures and matrix blocks
for the dual-porosity model. Source:[96].

Blaskovich et al. [95] and Hill et al. [97] introduced the dual-permeability

model (DK). This model added the matrix to matrix mass transfer to the

dual-porosity concept (Figure 4.3) [93, 96]. The simulation model assigns the

properties of the matrix in the center of the simulation block [98].

Fractures

Matrix

Figure 4.3: Schematic figure of the connectivity between fractures and matrix blocks
for the dual-permeability model. Source:[96].

The dual-permeability approach is numerically efficient. This model captures

the effect of natural fractures on fluid flow [99]. The dual-permeability model

became the framework for the discrete fracture models (DFM) [98]. One of

the model’s limitations is that it assumes a dense interconnected natural frac-

ture network. Furthermore, the model needs to determine transfer functions

between natural fractures and the matrix for accuracy [100]. The model also

fails to capture the transient flow between the matrix and the fracture blocks

in low-permeability fractured shales [96].

2. Multiple interacting continua

The multiple interacting continua (MINC) model adopts the dual-porosity

concept. This model divides the matrix blocks into nested grid blocks as visu-
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alized in Figure 4.4 [96]. The matrix blocks partitions can apply logarithmical

refinement to better capture the pressure drop in those blocks [93].

Fracture

Matrix

Figure 4.4: Multiple-interacting continua (MINC) nested rings division. Based on
[96].

This model captures the transient flow between the fracture and the matrix

blocks. The mass (heat) transfer occurs from the matrix to the fracture, frac-

ture to fracture, and between the matrix-nested grid blocks as displayed in

Figure 4.5.

Fractures

Matrix

Figure 4.5: Schematic figure of the connectivity between fractures and matrix blocks
for the MINC model. Source:[96].

The MINC model is computationally time-consuming due to the division of the

matrix blocks. This approach also replicates the lack of mass transfer between

the matrix blocks, and fails to capture the pressure drop within the fractures
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[96]. This approach may be suitable for a naturally fractured reservoir with

low matrix permeability and high-conductivity fractures [96].

3. Discrete fracture model

The discrete fracture method (DFM) is an expensive but convenient model

that simulates fluid flow in naturally fractured reservoirs [98]. The discrete

fracture model upscales the geological formation discontinuities to add the

natural fracture complexity into the fluid-flow modeling [101]. The model

represents the three-dimensional spatial distribution of interconnected natural

fractures within the rock matrix. The method explicitly models the fluid flow

in each natural fracture embedded within the rock matrix blocks. The detailed

modeling is an advantage. However, the combination of fluid flow equations

and fracture-matrix volume elements results in CPU limitations for running

the model [100]. These make this approach computationally challenging and

impractical to implement in some numerical studies.

4.2 Hydraulic Fracture Modeling

Hydraulic fractures have variable dimensions and conductivities according to the dis-

tance to the wellbore. A simple approach to model the hydrofractures requires the

assumption of symmetrical fracture geometry with constant fracture properties. The

following three methods can be used to model hydraulic fractures in naturally frac-

tured plays [102]:

1. Explicit hydraulic fracture

The explicit hydraulic fracture (EHF) approach integrates three different soft-

ware applications. The first application models each hydraulic fracture stage

using different simulation software [102]. The hydrofractures modeling process

develops a geological model. The process also incorporates hydraulic fracture

features into the geological model. It then upscales the geological model into
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a reservoir simulation model [102]. Finally, the simulation model is run to

perform the history match of wellbore production. This process is robust and

time-consuming, which makes it expensive and computationally difficult.

2. Stimulated reservoir volume

The stimulated reservoir volume (SRV) approach constrains the size of the vol-

ume around the wellbore that contains the hydraulic fractures. This method

considers uniformly distributed hydrofractures. The model applies the local

grid refinement (LGR) concept to refine the near-wellbore zone [102]. The

LGR method allows the assignment of specific properties such as permeability,

porosity, and compressibility to the hydraulic fracture blocks [102]. The stimu-

lated reservoir volume approach is simpler than the explicit hydraulic fracture

method. Therefore, we applied this method in our study with a logarithmic

grid refinement to model the hydrofractures.

3. Logarithmically spaced-locally refined-dual permeability (LS-LR-DK)

model

Rubin (2010) [93] proposed this new model that simulates hydraulic frac-

tures in naturally fractured reservoirs. This approach combines the dual-

permeability model, the blocks partitioning concept of the MINC model, and

the SRV theory. The method applies the dual-permeability concept to model

fluid flow in the matrix blocks, and also explicitly models the hydraulic frac-

tures using logarithmic grid spacing. The logarithmic refinement enhances

mass transfer modeling and the pressure drawdown calculation between matrix-

fracture blocks, matrix-matrix blocks, and fracture-fracture blocks [96]. Fig-

ure 4.6 shows the differences in the gridding of the MINC model and the

LS-R-DK model. Figure 4.7 illustrates the explicit planar hydraulic fracture.
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MINC Gridding LS-LR-DK Gridding

Figure 4.6: Comparison between the gridding used in the MINC model and the
LS-LR-DK model (map view). Source:[96].

This model scales the width of the hydraulic fracture blocks up to 0.6 m (2

ft) to reduce the computational time [96]. However, the fracture conductivity

of the modeled hydraulic fracture must be the same as the ”real” fracture.

Thus, we modified the permeability of the fracture block using the following

equation[93, 96]:

keff =
kf × wf

wblock

(4.1)

Where wblock is the width of the block containing the hydraulic fracture in m

(ft.), kf is the hydraulic fracture permeability in m2 (mD), wf is the hydraulic

fracture width in m (ft.), and keff is the equivalent permeability of the hydraulic

fracture when applying the change in hydraulic fracture width in m2 (mD).
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Figure 4.7: Diagram of a planar hydraulic fracture in the simulation model. Mod-
ified from [96].
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Chapter 5

Application: Simulation of Shale Oil Reservoirs by Varying

the Hydraulic Fracture Geometry

5.1 Numerical Simulation Model Description

We used a commercial black oil simulator (CMG, IMEX) to build and run several con-

ceptual numerical models. The reservoir model applies the dual-permeability method

to represent the natural fracture system and the shale play matrix. The model di-

mension is 350 m (1,150 ft) in the I-direction, 762 m (2,500 ft) in the J-direction,

and 41 m (135 ft) in the K-direction as displayed in Figure 5.1. The modeled forma-

tion comprises three horizons where the target zone is the middle horizon. Table 5.1

presents the reservoir layers’ attributes.

762 m

(2500 ft) 

41 m 

(135 ft) 

K

I

J

Hydraulic 

fractures

Well

Figure 5.1: Reservoir model (CMG-IMEX).
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The reservoir model simulates a single stage of the fracturing process with a

horizontal fractured wellbore of 90 m (300 ft) in length. In contrast, our analysis

considers a multi-stage hydraulic fracturing process with 22 stages. Thus, the total

wellbore length is 2,000 m (6,600 ft) and is located in the center of the target horizon.

We calculated the total production of the multi-stage fractured model by multiplying

the results of the single-stage simulation model by the 22 stages [42, 103]. The single-

stage model reduces the time of the simulation runs (Figure 5.2).

Hydraulic 

Fractures

Multi-Stage Model

Single-Stage Model

SRV

Well

WellWell

290 m

(950 ft)
Hydraulic 

fractures 

350 m  (1150 ft) 

762 m  

(2500 ft) 

15 m (50 ft) 

30 m 

(100 ft) 

30 m

(100 ft)

Figure 5.2: Comparison between the multi-stage model (including 22 stages) and
the single-stage model.

Our reference scenario comprises three vertical and planar hydrofractures per

stage. We predetermined the hydraulic fracture geometry for each scenario. The

total fracturing fluid volume injected into the rock is 12,700 m3 (80,000 bbls). We
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considered the same fracturing fluid volume for all proposed scenarios. The next

section shows the reservoir model properties in more detail.

1. Reservoir properties and fluid properties

The modeled formation is undersaturated during the studied production time.

Thus, the bubble point pressure is below the reservoir pressure. We assumed

a matrix compressibility value of 1×10-9 Pa-1 (9×10-6 psi-1) [50, 104, 105]. Ta-

ble 5.1 presents the list of properties of the shale oil formation considered in

this study. Additionally, Table 5.2 shows the reservoir fluid properties.

Table 5.1: Properties of the horizons of the reservoir simulation model.

Layer Thickness Initial Water Saturation Porosity Permeability
[m] [ft] [fraction] [fraction] [mD]

Upper zone 18 60 0.58 0.05 3.1E-05
Target zone 9 30 0.20 0.07 1.4E-04
Lower zone 14 45 0.60 0.04 2.0E-05

General Reservoir Properties

Parameter SI unit Field unit

Reservoir temperature 138 ◦C 280 ◦F
Reservoir compressibility 1E-09 Pa-1 9E-06 psi-1

Reservoir thickness 41 m 135 ft
Reservoir depth 3,000 m 10,000 ft

Table 5.2: PVT reservoir fluid properties.

Parameter SI Unit Field Unit

Oil bubble point pressure 23.44 MPa 3,400 psi
Oil API density 45.6 45.6
Oil density at stock tank conditions 798.2 kg/m3 49.8 lbm/ft3

Under-saturated oil compressibility 2.0E-09 Pa-1 (a) 1.4 E-05 psi-1 (a)

Gas specific gravity 0.8651 0.8651
Gas density at standard conditions 1.06 kg/m3 0.07 lbm/ft3

Water compressibility 1.3E-10 Pa-1 (a) 9.0E-06 psi-1 (a)

Water phase viscosity at reference pressure (14.7 psi) 0.3 mPa.s 0.3 cp
Water density at stock tank conditions 996.9 kg/m3 62.2 lbm/ft3

Water formation volume factor 1.04 m3/m3 1.04 Bbl/STB
Sources: a[104, 106].
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2. Relative permeability curves

We considered the two-phase flow (oil-water) relative permeability curves in

this study. Figure 5.3a and Figure 5.3b display the relative permeability curves

for the rock matrix and the fracture system, respectively.

(a) (b)

Figure 5.3: Water-Oil relative permeability curves. (a) Rock matrix relative perme-
ability curves: solid curves represent the target zone and dashed curves the upper and
lower zone (Up&Down). (b) Fractures relative permeability curves: solid curves rep-
resent the hydraulic fractures (HF), and dashed curves represent secondary fractures
(SF).

This study assumes an organic-rich target zone that has mixed to oil wettability

[107]. Experimental studies have shown that kerogen maturation increases

meso and micropores in the rock matrix [108]. These pores increase the residual

hydrocarbon saturation and irreducible water saturation [108]. Figure 5.3a

shows that relative permeability values vary in a narrow window of water

saturation values (0.4-0.6). It leads to sharp hydrocarbon decline rates and an

extended period with low water rates.

Figure 5.3a also displays a cross-point between the oil and water relative per-

meability curve higher than 0.5 for the upper and underlying layers (dashed

line) that is characteristic of a water-wet system. Although the cross-point of

the relative permeability curves belonging to the target zone (solid line) is be-
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low 0.5, which is common in oil-wet systems. Figure 5.3b shows an X-shaped

relative permeability curve characteristic of the hydraulic fractures. This shape

indicates high conductivity with no influence of capillarity.

3. Initial reservoir conditions

This study considers an overpressured reservoir. The initial reservoir pressure

is 59 MPa (8,500 psi) at a depth of 3,000 m (10,000 ft). The reservoir fluid

pressure gradient is 0.019 MPa/m (0.85 psi/ft). This model lacks an initial gas

cap and aquifer. Therefore, the gas-oil contact and water-oil contact were es-

tablished outside the reservoir boundaries. Table 5.1 shows the initial reservoir

fluid saturation considered in this study. Additionally, Table 5.3 summarizes

the initial reservoir conditions.

Table 5.3: Initial reservoir conditions.

Parameter SI Unit Field Unit

Initial reservoir pressure 59 MPa 8,500 psi
Well bottom-hole pressure 24 MPa 3,500 psi
Vertical-horizontal permeability ratio (kv/kh) 0.1
Initial water saturation in the natural fracture
network

0.2

4. Natural fracture network

The characterization of natural fracture network distribution is difficult due

to the shale matrix complexity. To simplify, we applied the dual-permeability

method to model the shale play. It is an idealized but efficient approach that

captures the physics behind the shale system fluid flow. This method considers

an orthogonal and uniform natural fracture system, as shown in Figure 5.4.

Natural fracture systems can be classified into narrow fracture systems (aper-

ture of less than 0.05 mm or 0.00016 ft) and wide and open systems (aperture

greater than 0.1 mm or 0.003 ft) [13, 1, 90]. Thick formations revealed longer
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and more widely spaced natural fractures than thin rock beds [99]. Our ref-

erence simulation case considers narrow natural fractures with a height equal

to the reservoir height (41 m or 135 ft). For simplicity, the natural fractures

are equally spaced at 9 m (30 ft) in both I-direction and J-direction. Table 5.4

summarizes the natural fracture properties.

Fractures in 

I-direction 

Fractures in J-direction 

9 m (30 ft)
9 m (30 ft)

Matrix

K

I

J

Figure 5.4: Schematic figure of an orthogonal natural fracture system. Based on [92].

Table 5.4: Natural Fracture Network Properties.

Parameter SI Unit Field Unit

Fracture permeability 1.97E-14 m2 200 mD
Fracture aperture 0.03 mm 0.0001 ft
Fracture porosity 0.0000067
Distance in I-direction 9 m 30 ft
Distance in J-direction 9 m 30 ft

5. Hydraulic fractures

We modeled the hydraulic fractures using the locally spaced-logarithmically

refined-dual permeability approach (LS-LR-DK). The approach considers the

stimulated reservoir volume (SRV) concept that assumes a uniform hydraulic

fracture distribution along the horizontal wellbore and similar fracture prop-

erties. The SRV concept generates a symmetrical reservoir with hydrofracture

stages behaving identically. These conditions make the single-stage method

applicable to model the shale play [109]. The reference case has three hy-
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draulic fractures, spaced 30 m (100 ft) from each other (Figure 5.6). Table 5.5

summarizes the hydraulic fracture properties.
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(2500 ft) 
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Figure 5.5: Natural fracture network in the reservoir simulation model.
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Figure 5.6: Hydraulic fracture system (map view).
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Table 5.5: Hydraulic fracture properties of the reference simulation case.

Parameter SI Unit Field Unit

Number of stages 22
Number of clusters per stage 3
Fluid injected/cluster 190.8 m3 1,200 bbls
Fracture spacing 30.5 m 100 ft
Fracture permeability 1.97E-12 m2 2000 mD
Fracture propped half-length 137 m 450 ft
Fracture unpropped half-length 152 m 500 ft
Fracture block width 0.6 m 2 ft
Fracture aperture 9 mm 0.031 ft

6. Compaction curves

We implemented compaction curves in the reservoir simulation scenarios to

model fracture closure. These curves consist of pressure-dependent perme-

ability and porosity multipliers assigned to the hydraulic fracture grid blocks

(Figure 5.7). The fracture-closure mechanism results from the increase in ef-

fective stress during reservoir fluid production.

(a) (b)

Figure 5.7: Compaction curves for the propped (blue line) and the unpropped (red
line) zone of the hydraulic fractures, (a) Porosity multipliers and (b) Permeability
multipliers.

The effective stress is the stress acting on the matrix in a saturated porous

medium [37]. Terzaghi’s equation (Equation 5.1) describes it as the difference
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between the total stress, also known as confining stress or overburden rock

pressure, and the fluid pore pressure [110].

σeff = σ − Pp (5.1)

– σeff: Effective stress, psi.

– σ: Total stress or confining stress, psi.

– Pp: Fluid pore pressure, psi.

Nur&Byerlee (1971) corrected this equation by Biot coefficient that describes

the relative effect of pore pressure on effective stress [37]:

σeff = σ − αPp (5.2)

– α: Biot coefficient (Biot, 1941).

Numerous studies have examined the relationship between effective stress, per-

meability, and porosity. The studies described the relationships using empir-

ical models (e.g., power model, exponential model, and logarithmic model)

that consider the confining pressure constant [111, 112, 113]. These studies

revealed that permeability has a higher stress sensitivity than porosity [114].

We applied the following equations to calculate the permeability and porosity

multipliers [115, 1]:

φ

φi

= e Cfrac× Pnet (5.3)

k

ki

=
φ

φi

= e 3× Cfrac× Pnet (5.4)

Where,

– φi: Initial porosity, fraction.

– ki: Initial permeability, m2 (mD).
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– Pnet: Net pressure, MPa (psi). It is the difference between the initial

pressure and the current pressure [1].

– Cfrac: coefficient of stress sensitivity, MPa-1 (psi-1).

Figure 5.7 shows two compaction curves (red and blue lines). The red line

represents the unpropped region of the hydraulic fracture. In contrast, the blue

line describes the propped zone of the hydraulic fracture. Proppant support

makes closure rate lower in the propped zone than in the unpropped zone [1].

5.2 Basic Numerical Simulation Case: Vertical, Planar, Sym-

metrical Hydraulic Fractures with Reactivated Secondary

Fractures.

The reference simulation model is an idealized case that discretizes the media into a

matrix and an orthogonal natural fracture network. We considered natural fractures

equally spaced at 9 m (30 ft) with a fracture aperture of 0.03 mm (0.0001 ft). We

also assumed that the model comprises a set of hydraulic fractures equally spaced

along the horizontal wellbore (30 m or 100 ft). The hydrofractures have an aperture

of 9 mm (0.031 ft) and a permeability of 2000 mD. As previously mentioned, for

simplicity, the model has a single stage of three hydraulic fractures, as displayed in

Figure 5.8.

We assumed vertical, bi-wing, and symmetric hydraulic fractures with small ver-

tical secondary fractures (Figure 5.9). The hydrofractures propagate in the direction

of the maximum horizontal stress, and they open in the direction of the least horizon-

tal stress [76, 116]. In this scenario, a net pressure higher than the horizontal stress

difference and the rock’s tensile strength, combined with a high pumping rate, favor

the fracturing fluid leak-off into pre-existing natural fractures [81]. Consequently,

secondary fractures hydraulically open, but the primary hydrofracture geometry is

preserved [12, 69]. The reactivation of secondary fractures does not limit the vertical
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fracture growth. The hydrofractures height is 41 m (135 ft).

Upper Zone

Target Zone

Lower Zone

Hydraulic 

fractures

41 m 

(135 ft) 

350 m  (1150 ft) 

Well

30 m  (100 ft) 

Figure 5.8: Basic numerical simulation case model (Cross-view along the wellbore).

The secondary fractures are narrower than the primary hydraulic fractures. Their

aperture is 3 mm (0.01 ft). We considered the secondary fractures self-propped and

filled with fracturing fluid. In contrast, the hydraulic fractures have a propped and

unpropped region simulated with two different compaction curves (Figure 5.9).

138 m

(450 ft)

152 m

(500 ft)

Propped fracture region.

Unpropped fracture region.

Hydraulic Fractures

Secondary Fractures

Well

Figure 5.9: Basic numerical simulation case model (map view).
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In this study, the total fracturing fluid injected into the rock is 12,700 m3 (80,000

bbls), and it is distributed in 22 stages. Therefore, the fracturing fluid volume per

fracture is 190 m3 (1,200 bbls). We considered this treatment size based on data

reported for U.S. and Middle East shales [43].

5.2.1 Comparison between the multi-stage model and the

single-stage model

This section compares reservoir fluid production data obtained using the multi-stage

simulation model (22 stages) and the single-stage simulation model multiplied by 22

stages. The comparison aims to validate the assumption of the single-stage model

applied in this study (Figure 5.2).

Figure 5.10 shows that the results obtained from the single-stage model multiplied

by 22 stages yield a good match with the results obtained using the multiple-stage

model (22 stages). The difference in cumulative reservoir fluid production at 15 years

obtained with both models is less than 5%. Furthermore, the water cut performance

shows a difference of about 10% at 15 years. The water cut differs due to the distinct

reservoir volumes of the simulation models, which lead to less water cut when using

the small model. Reservoir pressures within the stimulated reservoir volume (SRV)

show a difference of about 5% at 15 years. In contrast, the small model depletes

a smaller reservoir volume than the multi-stage model resulting in a higher field

reservoir pressure at 15 years.

In conclusion, the single-stage model is a valid simplification to model hydrauli-

cally fractured reservoirs when the analysis includes the stimulated reservoir volume

(SRV) concept. This simplification reduces the computational time from an hour to

a few minutes.



66

Figure 5.10: 15 years of reservoir fluid production for the single-stage simulation model and
the multi-stage simulation model (22 stages).

5.2.2 The effect of natural fracture network density

This study aims to analyze the effect of natural fracture network (NFN) density on

hydrocarbon production. The fracture spacing determines the network density. We
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proposed three scenarios (Figure 5.11) with fracture spacing of 6 m (20 ft), 9 m (30

ft), and 12 m (40 ft). The scenario with the highest natural fracture network density

has the smallest fracture spacing (6 m or 20 ft). The simulation models have the same

fracture spacing in both directions, parallel and perpendicular to the well. They also

have the same natural fracture aperture (0.03 mm or 0.0001 ft).
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Scenario 1:

High NFN-Density

(NF Spacing= 6 m (20 ft)

Scenario 2: 

Medium NFN-Density

(NF Spacing= 9 m (30 ft)

Scenario 3:

Low NFN-Density

(NF Spacing= 12 m (40 ft)

𝜎𝐻

𝜎ℎ

𝜎𝑣 𝜎𝑣 𝜎𝑣

𝜎ℎ𝜎ℎ

𝜎𝐻 𝜎𝐻

DI=DJ

DI=6 m (20 ft)

Matrix. Pre-existing Natural Fractures.

Well

Vertical Hydraulic Fractures.

DI=DJ DI=DJ

Well Well

DI=9 m (30 ft) DI=12 m (40 ft)

Figure 5.11: Three different scenarios varying the natural fracture (NF) spacing

We compared the proposed scenarios with a simulation case without natural frac-

tures. Figure 5.12 exhibits the importance of the natural fracture system for reservoir

fluid production. Naturally fractured reservoirs produce about 30% more hydrocar-

bon than reservoirs with no natural fractures. The results also show that reservoir

fluid production increases with the reduction of fracture spacing. Less spacing be-

tween fractures results in more flow conduits per reservoir volume, which enhances

reservoir permeability. Furthermore, the water rate experiences a sharp decline, fol-

lowed by an increase in hydrocarbon production. The sharp decline indicates a fast

fracturing fluid flowback (less than five months). Hydrocarbon rates decrease rapidly

in the first year.



68

Figure 5.12: 15 years of reservoir fluid production obtained by varying the natural fracture
spacing from 6m (20 ft) to 12 m (40 ft). The black curves show the production of a reservoir
with no natural fractures.

The scenario with medium natural fracture density (9 m spacing) has an oil re-

covery factor of 8.5% at 15 years. The recovery factor obtained from the scenario

with the highest natural fracture network density (6 m or 20 ft spacing) increases by
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4%, and it decreases by the same magnitude in the scenario with the lowest fracture

network density (12 m or 40 ft spacing). The similarity is because the fracture spacing

varies by 3 m (10 ft) in each case.

Table 5.6: Comparison between the scenarios with high, medium and low natural fracture
network (NFN) density and the scenario with no natural fractures

Parameter

High NFN Density

NF Spacing = 6 m

(20 ft)

Medium NFN

Density NF Spacing

= 9 m (30 ft)

Low NFN Density

NF Spacing = 12 m

(40 ft)

Water Rate Peak [%] -2 -2 0

Oil Rate Peak [%] 139 68 41

Gas Rate Peak [%] 139 68 41

Ultimate Water Production [%] 141 121 99

Ultimate Oil Production [%] 36 32 28

Ultimate Gas Production [%] 36 32 28

Table 5.6 presents a comparison of different parameters between the proposed

scenarios and the case without natural fractures. The results show that the fracture

network density does not affect the initial water production, and neither does it im-

pact the fracturing fluid flowback. In contrast, the hydrocarbon rate peak increases

significantly as the fracture spacing decreases. The cumulative water production at 15

years increases by up to 140% in naturally fractured reservoirs, and it varies by about

20% between the proposed scenarios with natural fractures. The cumulative hydro-

carbon production at 15 years differs by about 4% as the fracture spacing decreases

by 3 m (10 ft).

Natural fracture network density affects reservoir fluid production, especially dur-

ing the initial stages. Fracture closure reduces the reservoir conductivity as produc-

tion time increases. Thus, the presence of flow conduits loses its effect on long-term

hydrocarbon production. The ultimate hydrocarbon production at 15 years is similar

between all the proposed scenarios.
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5.2.3 The effect of natural fracture orientation

This sensitivity analysis studies the effect of natural fracture orientation on hydro-

carbon production. We introduce three scenarios with different fracture orientations

(Figure 5.13). The first scenario comprises an orthogonal set of natural fractures.

Thus, natural fractures are parallel and perpendicular to the well. The second sce-

nario only has natural fractures parallel to the well. The last scenario has a set of

natural fractures oriented perpendicular to the well. The three cases have the same

natural fracture properties, including aperture and spacing (9 m or 30 ft).

Figure 5.14 shows that natural fractures oriented perpendicular to the well, slightly

contribute to reservoir fluid production. Therefore, the scenario with a set of orthog-

onal natural fractures (red line) has a similar wellbore performance as the case that

comprises only fractures parallel to the wellbore (green line). The ultimate water

production for the second scenario (green line) is about 81,000 m3 (510,000 bbls) at

15 years. It decreases by 33% when the reservoir has only natural fractures perpen-

dicular to the well (blue line). In contrast, the cumulative hydrocarbon production

differs by less than 10% between the proposed cases. The average oil recovery factor

at 15 years is 8%.
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Scenario 1:

NF Parallel + Perpendicular to 
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Figure 5.13: Three different scenarios with varying natural fracture orientation.
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Table 5.7: Comparison between the proposed scenarios and the case with no natural frac-
tures. The scenarios are: the first scenario has natural fractures (NF) oriented parallel and
perpendicular to the well, the second scenario has natural fractures parallel to the well, and
the last scenario has natural fractures perpendicular to the wellbore.

Parameter

NF Parallel +

Perpendicular to

Well

NF Parallel to Well
NF Perpendicular to

Well

Water Rate Peak [%] -2 3 -1

Oil Rate Peak [%] 68 43 2

Gas Rate Peak [%] 68 43 2

Ultimate Water Production [%] 121 99 32

Ultimate Oil Production [%] 32 28 20

Ultimate Gas Production [%] 32 28 20

Table 5.7 compares different parameters between the three scenarios and the sce-

nario with no natural fractures. The two scenarios that contain natural fractures

parallel to the well increase the ultimate water production by about 80% compared

to the case with only natural fractures perpendicular to the wellbore. The natural

fracture orientation impacts hydrocarbon production, especially in the early stages.

On average, the oil rate peak increases by 50% when the reservoir has natural frac-

tures oriented parallel to the well. In this case, the ultimate hydrocarbon production

increases by about 10% compared to the case which only has fractures perpendicular

to the well.

In conclusion, the natural fracture orientation has a significant effect on wellbore

flow performance. The fractures parallel to the wellbore enhance the connectivity be-

tween the reservoir matrix and the hydrofractures, favoring hydrocarbon production.

The natural fractures impact mainly the initial production. After that, the closure

mechanism harms the reservoir permeability and long-term production. The ultimate

hydrocarbon production at 15 years is similar between the proposed cases.
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Figure 5.14: 15 years of reservoir fluid production obtained by varying the natural fracture
orientation. The black curves show the production of a reservoir with no natural fractures.

5.2.4 Geomechanics effect in natural fractures

Pre-existing natural fractures are often sealed by precipitated minerals such as calcite

in shale reservoirs [35, 36]. Several natural fractures are opened as a result of the
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stimulation jobs. Those fractures create a secondary fracture network and increase

the reservoir flow capacity [117]. The secondary fracture network is unpropped or

poorly propped, making it responsive to effective stress variation. The increase in

effective stress causes fracture closure and alters fracture permeability.

This section examines the effect of natural fracture closure on the wellbore flow

performance. We calculated the pressure-dependent porosity and permeability curves

using Equation (5.3) and Equation (5.4). These equations require the estimation of

the coefficient of stress sensitivity (Cfrac), known as fracture compressibility. Several

studies analyzed the effect of pressure-dependent natural fracture permeability on

shale reservoir performance [118, 117, 119]. They estimated fracture compressibility

by fitting laboratory measurements with empirical correlations. The reported values

vary by a maximum of two orders of magnitude compared to the rock matrix com-

pressibility. Based on the literature reviewed, we proposed four natural fracture com-

pressibility values (Table 5.8) to build the compaction curves shown in Figure 5.15.

The least compressible natural fracture set has a stress sensitivity coefficient of 1×10-9

Pa-1 (9×10-6 psi-1), and the most compressible set has a stress sensitivity coefficient

of 3×10-8 Pa-1 (2×10-4 psi-1).

Table 5.8: Stress sensitivity coefficient values assigned to the natural fracture system.

Scenarios
Stress sensitivity

coefficient, Cfrac (Pa-1)

Stress sensitivity

coefficient, Cfrac (psi-1)

Least compressible 1×10-9 9×10-6

– 7×10-9 5×10-5

– 1×10-8 9×10-5

Most compressible 3×10-8 2×10-4
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(a) (b)

Figure 5.15: Compaction curves applied to the natural fractures to simulate the natural
fracture closure mechanism. The curves have different stress sensitivity coefficient (Cfrac).
(a) Porosity multipliers and (b) Permeability multipliers.

In this study, the initial natural fracture permeability is 1.97×10-14 m2 (200 mD)

and the natural fracture spacing is 9 m (30 ft). The least compressible set of nat-

ural fractures has the same rock matrix compressibility (1×10-9Pa-1 or 9×10-6psi-1).

This scenario gives an insight into the wellbore flow production when the analysis

excludes the fracture closure effect. We simulated fracture closure using porosity and

permeability multipliers. These fracture properties decrease with reservoir pressure.

The simulator applies the following equations to vary the initial fracture porosity and

permeability [96]:

φf(P) = φmult × φfi (5.5)

kf(P) = kmult × kfi (5.6)

Where, φf(P) is the fracture porosity, φfi is the initial fracture porosity, kf(P) is

the fracture permeability in m2 (mD), kfi is the initial fracture permeability in m2

(mD), and φmult and kmult are the multipliers for the porosity and the permeability

respectively.
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Figure 5.16 shows that natural fracture closure impacts reservoir fluid production.

The scenario with the least compressible set of fractures has the highest production.

Table 5.9 presents a comparison of different parameters of the proposed scenarios with

one that lacks natural fractures. The water rate peak variation shows that the increase

in fracture compressibility accelerates the fracturing fluid flowback. The hydrocarbon

rate peak increases by about 20% with the decrease of fracture compressibility. The

scenario with the most compressible fracture set has an 8% oil recovery factor at 15

years. It increases by about 15% for the scenario with stiffer natural fractures. The

cumulative water production at 15 years increases by about 100% when the reservoir

has conductive natural fractures.

Table 5.9: Comparison between the four scenarios in which the stress sensitivity coefficient
(Cfrac) varies and the scenario with no natural fractures.

Parameter
Cfrac= 9×10-6

[psi-1]

Cfrac= 5×10-5

[psi-1]

Cfrac= 9×10-5

[psi-1]

Cfrac= 2×10-4

[psi-1]

Water Rate Peak [%] -13 -4 -2 3

Oil Rate Peak [%] 80 73 68 55

Gas Rate Peak [%] 80 73 68 55

Ultimate Water Production [%] 134 128 121 101

Ultimate Oil Production [%] 42 36 32 24

Ultimate Gas Production [%] 42 36 32 24

This sensitivity analysis exhibits the importance of the natural fracture network

within the stimulated reservoir volume. It also shows that the high-conductivity

of the hydrofractures minimizes the natural fracture closure effect on hydrocarbon

production. Thus, the variation of the compaction curves slightly impacts the wellbore

flow performance. The scenario with stiffer natural fractures generates the highest

reservoir fluid production.
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Figure 5.16: 15 years of reservoir fluid production obtained by varying the compaction
curves applied to the natural fractures to simulate the closure mechanism. The black curves
represent the wellbore flow performance of a reservoir that lacks natural fractures.
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5.2.5 Geomechanics effect in hydraulic fractures

This analysis intends to understand the hydraulic fracture closure effect on wellbore

flow performance. We proposed three scenarios that apply different compaction curves

to the hydrofractures. Compaction curves model the hydrofracture closure mechanism

as the pore pressure decreases. The first scenario lacks the compaction curves. Thus,

the hydraulic fractures remain open during the production time. The second scenario

assigns two compaction curves to the hydrofractures, one to the propped region and

the other to the unpropped zone (Figure 5.17). The closure rate of the unpropped

zone is much higher than the closure rate of the propped zone. The last scenario

assigns the same closure rate to the propped and unpropped regions (green line in

Figure 5.17). This case increases the hydrofracture length open to flow.

138 m

(450 ft)

152 m

(500 ft)

Propped fractures.

Unpropped fractures.

Hydraulic Fractures

Secondary Fractures

Well

Figure 5.17: On the left, a map view of three vertical hydraulic fractures with the propped
region (green area) and unpropped region (red area). On the right, the compaction curves
assigned to the propped region (green line) and unpropped region (red line).

Figure 5.18 shows that fracture closure impacts reservoir fluid production. We

found that the oil recovery factor at 15 years is about 12% when hydrofractures remain

open to flow during production (No compaction curves in Figure 5.18). It decreases

to 8.5% when fracture tips experience rapid closure due to a lack of proppant support.

Also, there is a slight variation in initial production when the fracture tip has the same
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closure rate as the propped zone compared to the case that lacks compaction curves.

It indicates that despite the reduction of 90% of the initial fracture permeability, the

hydrofractures have excessive conductivity compared to the rock matrix.

Table 5.10: Comparison between the scenario with two compaction curves, the scenario
with the same fracture closure rate and the scenario that lacks compaction curves.

Parameter
Propped & Unpropped

Compaction Curves

Only Propped Compaction

Curves

Water Rate Peak [%] 33 12

Oil Rate Peak [%] -32 -12

Gas Rate Peak [%] -32 -12

Ultimate Water Production [%] -20 0

Ultimate Oil Production [%] -28 0

Ultimate Gas Production [%] -28 0

The fracture closure exhibits a higher impact on initial production due to an

exponential decrease of fracture aperture. Table 5.10 presents the comparison between

the scenarios with compaction curves and the scenario that lacks compaction curves.

It shows that the hydrocarbon rate peak decreases by 12% when the fracture tip has

the same closure rate as the propped region. The hydrocarbon rate peak decreases

by 32% when fracture tips have a rapid closure. The initial water rate production

increases with the fracture closure rate. Although the third scenario comprises a low

hydrofracture closure rate, the cumulative reservoir fluid production is the same as

the scenario that lacks a fracture closure mechanism. Fracture closure significantly

impacts the production of the scenario with two compaction curves. The fracture

tip’s rapid closure reduces the effective fracture length (propped length) and harms

reservoir permeability.

In conclusion, the hydrofracture closure significantly impacts the reservoir fluid

production when the fracture is partially propped. The fracture tips are often un-

propped or poorly propped, which leads to rapid closure. In contrast, an effec-

tive proppant placement into the hydrofractures enhances wellbore flow performance.
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Propped fractures still experience porosity and permeability reduction, but they keep

a high conductivity when no proppant embedment occurs.

Figure 5.18: 15 years of reservoir fluid production obtained by varying the compaction tables
applied to the principal hydraulic fractures. The compaction curves model the fracture
closure mechanism. The black line represents the scenario that lacks compaction curves.
The red line is the scenario where the unpropped and propped zone has the same closure
rate. The blue line represents the scenario that assigns two compaction curves to the
hydrofractures.
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5.2.6 The effect of number of clusters per stage

This analysis evaluates the effect of the number of clusters per stage on hydrocarbon

production. We proposed three scenarios in which the number of clusters per stage

varies from two clusters to five clusters, as shown in Figure 5.19. The increase in the

number of clusters per stage implies less fracture space. All three scenarios have a

fracturing fluid volume per fracture of 190 m3 (1200 bbls) and a wellbore length of

about 2,000 m (6,600 ft).
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Scenario 1:

Five Clusters/Stage

Scenario 2: 

Three Clusters/Stage

Scenario 3:

Two Clusters/Stage

Hydraulic 

Fractures
Hydraulic 

Fractures
Hydraulic 

FracturesWell Well Well

15 m (50 ft) 30 m (100 ft) 60 m (200 ft)

Figure 5.19: The three scenarios with a varying number of clusters per stage (Cross-view
along the wellbore).

Table 5.11: Hydraulic fracturing treatment data.

Parameter
Five

Clusters/Stage

Three

Clusters/Stage

Two

Clusters/Stage

Fractures per stage 5 3 2

Number of stages 26 22 16

Fracture width 9 mm (0.031 ft) 9 mm (0.031 ft) 9 mm (0.031 ft)

Fracture spacing 15 m (50 ft) 30 m (100 ft) 60 m (200 ft)

Total water injected
24,800 m3

(156,000 bbls)

12,700 m3

(80,000 bbls)

6,400 m3

(40,000 bbls)

Figure 5.20 compares the wellbore flow performance between the different scenar-

ios. It shows that the initial reservoir fluid production increases significantly with the
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number of clusters per stage. In contrast, the cumulative hydrocarbon production at

15 years converges for the scenarios with three and five clusters per stage. Table 5.10

presents a comparison between the scenarios with five and two clusters per stage with

the scenario that comprises three clusters per stage. The results show that the ulti-

mate water production at 15 years increases by 18% for the scenario with five clusters

per stage, and it decreases by the same magnitude for the scenario with two clusters

per stage. The similarity in magnitude is because the total fracturing fluid volume

increases twice for each case (Table 5.11). The ultimate oil recovery factor increases

by 20% when the number of clusters per stage varies from two to three. However, it

remains almost the same when the number of clusters per stage increases from three

to five. Thus, there is an optimum number of clusters per stage to make the well

profitable for a more extended period.

Table 5.12: Comparison between the scenario with five and two clusters against the scenario
with three clusters.

Parameter 5 Clusters/Stage 2 Clusters/Stage

Water Rate Peak [%] 96 -51

Oil Rate Peak [%] 67 -45

Gas Rate Peak [%] 67 -45

Ultimate Water Production [%] 18 -17

Ultimate Oil Production [%] -1 -19

Ultimate Gas Production [%] -1 -19

In summary, the increase in the fracturing fluid volume and the number of clusters

per stage enhance the initial reservoir fluid production, but it may harm the long-

term production. Operators can opt for massive stimulation jobs to recover the initial

investment in the first few years of hydrocarbon production. They also can optimize

the hydraulic fracturing design to make the well profitable for a longer time. However,

the latter option results in lower hydrocarbon production rates and a longer time to

obtain wellbore profits.
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Figure 5.20: 15 years of reservoir fluid production obtained by varying the number of clusters
per stage. Each of the clusters has a fracturing fluid volume of 190 m3 (1200 bbls).

We performed a fundamental economic analysis by calculating the net present

value (NPV) at different oil prices for each proposed scenario. This analysis evalu-

ates the utility of the project [120]. Table 5.13 presents the parameters required to

calculate the net present value (NPV), and Appendix A shows the equations applied
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for the economic evaluation. The project may be accepted if the NPV value is positive

and rejected if the NPV value is negative. The break-even point is when the total

investment has been paid, and the operators start to receive project profits. It occurs

when the NPV value is zero.

Table 5.13: Parameters to calculate the net present value.

Parameter Abbreviation Unit Value

Oil price PRICE $/bbl 5-100

Drilling cost DRILL $ million 3(a)

Completion cost COMP $ million 3-5(a)

Land cost LAND $ million 1(a)

Operating cost OPECOST $/Mbbl 30(a)

Royalty rate R Fraction/year 0.2(b,d)

Intangible to tangible cost INTAN Fraction/year 0.6(b)

Declining balance DB % 150(b)

Time period in which equipment is amortized t years 5(b)

Severance tax rate SEVTAX Fraction/year 0.046(c,e)

Corporate tax rate CORPTAX Fraction/year 0.35(b,c)

Discount rate DR % 5-10(b)

Sources: (a)[121],(b)[120],(c)[122],(d)[123],(e)[124].

We assumed the drilling cost, completion cost, and land cost to calculate the

capital expenditures. According to the EIA report [121], the drilling cost in U.S.

shales ranges from $2 million to $3 million, and the completion cost varies from $3

million to $6 million. We assumed the drilling cost to be $3 million for all the cases

because the wellbore length is the same, but we considered different completion costs.

This is $3 million, $4 million, and $5 million for the scenarios with two, three and

five clusters per stage, respectively. EIA also reported that the land cost might add

$1 to $2 million per well [121]. In this study, the land cost is $1 million. According

to Kaiser et al. [120], the royalty rate in Haynesville ranged from 20% to 28%. Based

on that, we assumed a 20% royalty rate. We adopted a 150% declining balance for

tangible assets (e.g. equipment) [120].
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(a) (b)

Figure 5.21: Net present value (NPV) at different oil prices for three different scenarios
where the number of clusters per stage varies from two to five. The net present values were
calculated at: (a) 5% discount rate and (b) 10% discount rate.

The resulting 5-year NPV plot (Figure 5.21) illustrates that the break-even points

are about 33 $/bbl for scenarios with five and three clusters per stage and 40 $/bbl

for the case with two clusters per stage at a 5% discount rate. The points increase

to 38 $/bbl and 46 $/bbl at a 10% discount rate. In 2019, the average West Texas

Intermediate (WTI) crude oil price was 57 $/bbl. By June 2020, the average price

was 38 $/bbl. At these WTI crude oil prices, the stimulation jobs with five and three

clusters per stage are profitable for both discount rates scenarios. The scenario with

two clusters per stage is profitable at more expensive oil prices, still in the range of

oil prices during the current year. The massive stimulation jobs generate sufficient

initial hydrocarbon production. Operators have opted for completions with a higher

number of clusters per stage to recover the initial investment faster, even though it

harms long-term production.
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5.3 Second Case: Vertical Hydraulic Fractures with Perpen-

dicular Secondary Fractures

This scenario comprises three vertical, bi-wing, and symmetric hydrofractures with

eight perpendicular secondary fractures (Figure 5.23). These fractures create an inter-

connected orthogonal hydrofracture network (Figure 5.22). It also has the orthogonal

natural fracture network described in the reference numerical simulation case. The

hydraulic fracture half-length is 230 m (750 ft), which is smaller than the fracture

half-length of the reference case. The reduction in length occurs due to the initiation

of secondary fractures and their interaction with primary hydrofractures. We assumed

equal primary and secondary fracture aperture (7 mm or 0.024 ft). The fracturing

fluid volume within the stimulated fractures is 12,700 m3 (80,000 bbls) distributed in

22 stages.

Hydraulic

Fracture

Natural 

Fracture

𝜎ℎ
𝜎𝐻

Figure 5.22: Orthogonal fracture network. Source:[58].

In this case, stimulation jobs reactivate pre-existing natural fractures and add

complexity to hydrofracture geometry (Figure 5.22). Conditions such as the low hor-

izontal differential stress and high organic content favor the interaction between pri-

mary hydrofractures and natural fractures. This scenario lacks hydraulically opened

bedding planes, considering the large difference between the vertical and the minimum
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horizontal stress magnitudes.
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Figure 5.23: Vertical hydraulic fractures with perpendicular secondary fractures. a) Cross-
view of the model along the wellbore and b) map view of the model.

5.3.1 The geomechanics effect of secondary fractures

Primary hydrofractures may interact with pre-existing natural fractures during stim-

ulation jobs. This initiates and hydraulically opens secondary fractures. These frac-

tures are sensitive to the increase in effective stress during hydrocarbon production

due to a lack of proppant support. This study aims to assess the effect of secondary

fracture closure on wellbore flow performance. We proposed different scenarios that

apply the compaction curves shown in Figure 5.15 on the secondary hydrofractures.

Figure 5.24 shows a slight variation in water and hydrocarbon production with

the change of secondary fracture closure rate. The results reveal a higher impact

on initial production than on long-term production. The initial production increases

with the fracture compressibility. In contrast, the fracture closure mechanism, com-

bined with the high primary fracture conductivity, minimizes the secondary fracture

compressibility’s effect on long-term production. The ultimate oil recovery factor at

15 years is 7.8% and 8.5% for this scenario and the reference case. They differ because
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the primary fracture length decreases with the generation of secondary fractures.

Figure 5.24: 15 years of reservoir fluid production obtained by varying the compaction
curves applied to the secondary fractures. The reference case only has vertical, symmetrical
and planar fractures (ideal case).

This study also shows that the generation of perpendicular secondary fractures

enhances reservoir permeability and initial hydrocarbon production when they reach
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similar primary hydrofracture conductivity. Additionally, they reduce the propaga-

tion energy of primary hydrofractures, which reduces fracture aperture and length.

Thus, they may negatively impact long-term hydrocarbon production. Furthermore,

we can infer that proppant placement within secondary fractures may not improve

hydrocarbon production.

5.3.2 The effect of the number of perpendicular secondary

fractures

This sensitivity analysis evaluates the effect of the number of perpendicular secondary

fractures on hydrocarbon production. We proposed three scenarios with 14, 8, and

6 secondary fractures, as shown in Figure 5.25. The three scenarios have a total

hydraulic fracturing volume of 12,700 m3 (80,000 bbls). We assumed equal primary

and secondary fracture aperture. The apertures are 5 mm (0.018 ft), 7 mm (0.024

ft), and 8 mm (0.027 ft) for the scenarios with 14, 8, and 6 secondary fractures,

respectively.
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Figure 5.25: The three scenarios with varying numbers of secondary hydraulic fractures
(map view).The red lines are the unpropped fractures and the green lines are the propped
fractures.

The generation of perpendicular secondary fractures creates a complex hydraulic
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fracture system. Figure 5.26 illustrates that the number of secondary fractures en-

hances initial reservoir fluid production. However, they do not significantly impact

the cumulative reservoir fluid production at 15 years. Table 5.14 compares the dif-

ferent parameters between the proposed scenarios and the reference case. It shows

that the hydrocarbon rate peak increases between 7% and 22% with the generation

of perpendicular secondary fractures during stimulation jobs. The water rate peak

increases between 20% and 33%, depending on the number of secondary fractures.

The generation of those fractures decreases the ultimate hydrocarbon and water pro-

duction at 15 years by about 8% and 13%, respectively. The table shows that the

ultimate reservoir fluid production at 15 years varies by less than 2% between the

proposed scenarios.

Table 5.14: Comparison between the scenarios with 14, 8 and 6 secondary fractures and the
scenario with only vertical hydraulic fractures (reference case).

Parameter
14 Perpendicular

Secondary Fractures

8 Perpendicular

Secondary Fractures

6 Perpendicular

Secondary Fractures

Water Rate Peak [%] 33 29 20

Oil Rate Peak [%] 22 10 7

Gas Rate Peak [%] 22 10 7

Ultimate Water Production [%] -14 -13 -13

Ultimate Oil Production [%] -6 -8 -9

Ultimate Gas Production [%] -6 -8 -9

This study shows that the generation of high-permeable flow conduits enhances

reservoir permeability and mass transfer between the rock matrix and fractures. Thus,

the initial reservoir fluid production increases with the number of secondary fractures.

The lack of proppant within the conduits generates rapid fracture closure, but they

remain permeable. The secondary fracture closure and the high primary fracture

conductivity reduce the effect of the number of secondary fractures on the cumulative

fluid production at 15 years.



90

Figure 5.26: 15 years of reservoir fluid production obtained by varying the number of
perpendicular secondary fractures. The reference case only has vertical, symmetrical and
planar fractures (ideal case).
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5.4 Third Case: Vertical Hydraulic Fractures with Horizon-

tal Bedding Plane Fractures.

The third simulation model comprises three vertical and planar hydrofractures with

two horizontal bedding plane fractures (Figure 5.28). It also has the orthogonal

natural fracture network described in the reference numerical simulation model. The

primary fracture half-length is 230 m (750 ft), and they are equally spaced at 30 m

(100 ft) along the horizontal wellbore. Furthermore, we considered equal primary and

bedding plane fracture aperture (4 mm or 0.013 ft). The total fracturing fluid volume

is 12,700 m3 (80,000 bbls) distributed in 22 stages. The size of the stimulation job is

the same as the other two simulation scenarios presented before.

Bedding 

Plane 

Fracture

Vertical 

Hydraulic 

Fracture

Figure 5.27: Horizontal bedding plane fractures. Source:[22]

In this case, the generation of horizontal bedding plane fractures increases the

complexity of the hydrofracture geometry (Figure 5.27). Horizontal fractures prop-

agate parallel to the minimum horizontal stress direction. This fracture geometry

may occur in shale plays with transitional strike-slip to reverse stress regime condi-

tions when the vertical and minimum horizontal stress magnitudes are similar to the

least principal stress magnitude [21]. Such conditions have been reported in some

unconventional source rock plays (e.g., Marcellus shale in southern West Virginia and
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Tuwaiq Mountain formation in Jafurah basin, Saudi Arabia [21, 29, 30]).
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Figure 5.28: Vertical hydraulic fractures with bedding plane fractures. a) Cross-view of the
model along the wellbore and b) map view of the model.

The high pore pressure in shale plays reduces the effective stress magnitudes [20].

High pore pressure and high organic content generate low differential stress condi-

tions. This scenario considers high horizontal differential stress conditions that hinder

the reactivation of pre-existing natural fractures. In contrast, a low horizontal and

vertical differential stress, low-strength cement of the laminations, and high pumping

rate promote the interaction between primary hydrofractures and horizontal bedding

planes [13, 62]. The bedding planes fail by debonding, and hydraulically open during

fluid injection [72]. We assumed unpropped horizontal bedding plane fractures. Thus,

they rapidly close during the first months of reservoir fluid production.

This hydraulic fracture system requires simultaneous fracture growth in the ver-

tical and horizontal directions. The fracturing fluid propagates more easily along

laminations than across them due to high horizontal permeability in shale plays [53].

Despite this, hydrofractures can cross laminations and continue their vertical propa-

gation when the fracture’s pressure is sufficiently high [75].
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5.4.1 The effect of bedding plane fracture closure

Horizontal bedding plane fractures are sensitive to the increase in effective stress

during reservoir fluid production. This study evaluates the effect of bedding plane

fracture closure on wellbore flow performance. We carried out this study by assigning

different compaction curves to the bedding plane fractures, as shown in Figure 5.29.

The blue curves assign a rapid closure rate to the fractures that are characteristic of

unpropped fractures. The other two compaction curves assign a lower fracture closure

rate, which simulates partially propped fractures. The fracture closure rate increases

with fracture compressibility.

(a) (b)

Figure 5.29: Different compaction curves applied to the bedding plane fractures to simulate
fracture closure. (a) Porosity multipliers and (b) permeability multipliers.

Figure 5.30 shows that horizontal bedding plane fracture compressibility slightly

influences water production, while it significantly impacts hydrocarbon production.

The results illustrate that hydrocarbon production increases with fracture stiffness.

An efficient proppant placement is unlikely to occur in horizontal fractures, which

makes them highly compressible. Thus, the compaction curves that better simulate

them are the blue curves in Figure 5.29. The oil recovery factor varies between 7.6%

and 9.6% with the reduction of horizontal fracture compressibility.
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Figure 5.30: 15 years of reservoir fluid production obtained by varying the compaction
curves assigned to the horizontal bedding plane fractures. The reference case only com-
prises vertical and planar hydraulic fractures. The blue curves illustrate a case with highly
compressible horizontal fractures while the red lines describe a case with less compressible
horizontal fractures.

Table 5.15 presents a comparison between the proposed scenarios and the refer-

ence case. The results revealed that the generation of horizontal fractures reduces
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water rate peak by about 22% and the cumulative water production at 15 years

by 13%. Despite this, the horizontal fracture compressibility impacts water produc-

tion by less than 2%. Furthermore, the creation of horizontal fractures significantly

affects hydrocarbon production. Unpropped horizontal fractures decrease initial hy-

drocarbon production by 13% while it increases by up to 110% with partially propped

fractures. The cumulative hydrocarbon production increases with a reduction in frac-

ture compressibility. Unpropped horizontal fractures reduce cumulative hydrocarbon

production at 15 years by 10%.

Table 5.15: Comparison between the scenarios with different compaction curves and the
scenario with only vertical and planar fractures (Reference case).

Parameter
Compaction Curves

1

Compaction Curves

2

Compaction Curves

3

Water Rate Peak [%] -23 -22 -21

Oil Rate Peak [%] 110 60 -13

Gas Rate Peak [%] 110 60 -13

Ultimate Water Production [%] -13 -13 -14

Ultimate Oil Production [%] 14 -7 -10

Ultimate Gas Production [%] 14 -7 -10

Proppant placement into horizontal fractures is difficult due to their narrow aper-

ture and the fracturing fluid’s low-viscosity. The lack of proppant within those frac-

tures generates rapid fracture closure. This fact disconnects a large fracture volume

and harms the hydrocarbon production.

5.4.2 The effect of horizontal bedding plane fracture position

This sensitivity analysis assesses the effect of the horizontal bedding plane fracture

(BPF) position on wellbore flow performance. We proposed three scenarios where

we varied the position of those fractures (Figure 5.31). All the scenarios have two

bedding plane fractures in the upward wing of the primary hydrofracture. The first

scenario has a horizontal fracture near the wellbore and the other on the primary
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hydraulic fracture height. The second scenario has both horizontal fractures near the

wellbore, and the last case has them on the primary hydraulic fracture height (far

from wellbore).
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Figure 5.31: Three different scenarios with varied bedding plane fracture positions (Cross-
view along the wellbore).

Figure 5.32 presents the results of 15 years of reservoir fluid production for all the

proposed scenarios. The results show that the horizontal fracture position slightly

impacts the wellbore flow performance. Thus, it is not a critical parameter on reser-

voir fluid simulation. The effect is higher at early-times before the fracture closure.

Furthermore, the results also show the negative impact on reservoir fluid production

generated by horizontal fractures. The initial water production decreases by 40%,

and the cumulative water production at 15 years differs by 15% compared to the

reference case (only vertical fractures). The oil recovery factor at 15 years is 7.6% for

the scenarios with horizontal fractures while it is 8.5% for the reference case. Based

on the literature reviewed, the intersection of a second bedding plane often stops ver-

tical fracture propagation [53]. Also, the horizontal fracture volume decreases with

an increase of the distance to the injection point [17]. Thus, the first scenario presents

a more realistic fracture geometry.
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Figure 5.32: 15 years of reservoir fluid production obtained by varying the horizontal bed-
ding plane fracture (BPF) position. All the scenarios have the horizontal fractures in the
upward wing of the hydraulic fractures. The first scenario has a bedding plane fracture
near the wellbore and the other one far from the wellbore (red line). The second scenario
has horizontal fractures near the wellbore (green line). The last scenario has the horizontal
fractures (BPF) far from the wellbore (blue line). The reference case only has vertical and
planar hydraulic fractures.
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5.4.3 The effect of number of horizontal bedding plane frac-

tures

This study evaluates the effect of the number of horizontal bedding plane fractures

on wellbore flow performance. We proposed three scenarios with a varied number

of horizontal fractures, as shown in Figure 5.33. All three scenarios have a total

fracturing fluid volume of 12,700 m3 (80,000 bbls). The fracture apertures are 3 mm

(0.009 ft), 4 mm (0.013 ft) and 6 mm (0.019 ft) for the scenarios with three, two and

one horizontal fractures, respectively.
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Figure 5.33: Three different scenarios, each consisting of a varied number of bedding plane
fractures (Cross-view along the wellbore).

Figure 5.34 shows that the number of horizontal fractures significantly impacts the

initial reservoir fluid production while it does not affect cumulative production at 15

years. The initial reservoir fluid production increases with the number of horizontal

fractures. These fractures enhance reservoir permeability and mass transfer between

matrix and fractures. The horizontal fracture closure disconnects an enormous stim-

ulated volume that harms cumulative reservoir fluid production. The generation of

horizontal fractures reduces the oil recovery factor at 15 years by about 10%.
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Figure 5.34: 15 years of reservoir fluid production obtained by varying the number of
horizontal bedding plane fractures. The reference case only has three vertical and planar
hydraulic fractures.

Table 5.16 compares the scenarios with horizontal bedding plane fractures and

the reference case, which only has vertical hydraulic fractures. The table shows that

the generation of horizontal fractures reduces reservoir fluid production. The initial
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reservoir fluid production increases with the number of horizontal fractures. The

generation of a single horizontal fracture decreases the water rate peak by 48%, while

it reduces by 22% with the presence of three horizontal fractures. Furthermore,

the initial hydrocarbon production decreases by between 13% and 18% with the

generation of two and one horizontal fractures, respectively. It can increase by up

to 7% when three horizontal fractures are hydraulically opened. The opening of

horizontal fractures decreases the cumulative water production at 15 years by 15%

and the cumulative hydrocarbon production by 10%. The difference in cumulative

reservoir fluid production at 15 years is less than 2% for the proposed scenarios with

horizontal fractures.

Table 5.16: Comparison between the scenarios with three, two and one horizontal fractures
and the scenario with only vertical hydraulic fractures.

Parameter
3 Bedding plane

fractures

2 Bedding plane

fractures

1 Bedding plane

fracture

Water Rate Peak [%] -22 -39 -48

Oil Rate Peak [%] 7 -13 -18

Gas Rate Peak [%] 7 -13 -18

Ultimate Water Production [%] -14 -15 -15

Ultimate Oil Production [%] -9 -10 -10

Ultimate Gas Production [%] -9 -10 -10

In conclusion, the initial reservoir fluid production increases with the number of

horizontal fractures when the primary hydrofractures are well propped and highly

conductive. The horizontal fracture closure harms cumulative fluid production. The

stresses near the intersection between bedding planes and primary hydrofractures and

a narrow horizontal fracture aperture complicate the proppant placement into those

fractures. Thus, horizontal fractures are responsive to the reduction of pore pressure

that leads to rapid closure and low wellbore flow performance.
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5.4.4 The effect of loss in vertical hydraulic fracture conduc-

tivity

Primary hydraulic fractures may interact with bedding planes during stimulation

jobs in shales with high pore pressure and small differential stress. This interaction

significantly enhances fracturing fluid leak-off into the discontinuities and reduces the

propagation energy of the primary hydrofractures. This fact reduces the fracture

aperture, which may generate premature screen-out of proppant and poor proppant

placement. This study aims to analyze the effect of loss in primary hydrofracture

conductivity on wellbore flow performance. We proposed three scenarios with different

primary fracture permeability. The permeabilities considered are 100 mD, 500 mD,

1000 mD, and 2000 mD. All the scenarios have the same horizontal fracture properties,

and total fracturing fluid volume (12,700 m3 or 80,000 bbls).

Figure 5.35 illustrates that primary hydrofracture permeability is a critical pa-

rameter during shale reservoir simulation. The reservoir fluid production significantly

increases with hydrofracture permeability. The impact is higher on initial production

than on cumulative production. Hydrofracture permeability over 500 mD slightly

influences the cumulative reservoir fluid production at 15 years. The oil recovery fac-

tor varies between 7.2% and 7.6% for the scenarios with fracture permeability higher

than 500 mD. The scenario with a permeability of 100 mD has an oil recovery factor

of 5.9%.

Table 5.17 presents the comparison of different parameters between the proposed

scenarios with horizontal fractures, and the reference case, which only has vertical

hydraulic fractures. The generation of horizontal fractures significantly decreases

the initial reservoir fluid production. It varies by about 20% between the proposed

scenarios with horizontal fractures. In this study, the presence of horizontal fractures

reduces the ultimate reservoir fluid production at 15 years by about 15% when the

vertical fracture permeability ranges between 500 mD and 2000 mD. It reduces by up
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to 30% when the fracture permeability is 100 mD.

Figure 5.35: 15 years of reservoir fluid production obtained by varying the vertical hydraulic
fracture (HF) permeability. The reference case only has three vertical and planar hydraulic
fractures.

In conclusion, the interaction between hydrofractures and bedding planes reduces

the primary fracture aperture and generates poor proppant placement. Thus, it
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reduces primary fracture permeability that significantly harms hydrocarbon produc-

tion. This study illustrates more realistic scenarios that consider the loss in primary

fracture conductivity produced by horizontal fracture generation.

Table 5.17: Comparison between the scenarios with varied vertical hydrofracture (HF)
permeability and the scenario with only vertical hydraulic fractures.

Parameter
Vertical HF

k=2000 mD

Vertical HF

k=1000 mD

Vertical HF

k=500 mD

Vertical HF

k=100 mD

Water Rate Peak [%] -39 -59 -75 -93

Oil Rate Peak [%] -13 -33 -60 -77

Gas Rate Peak [%] -13 -33 -60 -77

Ultimate Water Production [%] -15 -16 -18 -39

Ultimate Oil Production [%] -10 -12 -14 -30

Ultimate Gas Production [%] -10 -12 -14 -30
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Chapter 6

Discussion

Operators have applied massive stimulation jobs in shale plays to produce at econom-

ical rates. The mean fracturing fluid volume normalized by the horizontal wellbore

length is about 24 m3/m in U.S. shales [24]. Similarly, based on the literature re-

viewed, we estimate that 12 m3 of fracturing fluid was injected per wellbore meter

in the Jafurah basin in Saudi Arabia [25, 26, 27]. The large fluid volume enhances

the interaction between hydrofractures and discontinuities and generates complex

hydrofracture geometries. Thus, 90% of this fluid is retained in the rock discontinu-

ities, which can result in undesirable hydrocarbon production [125]. The formation

of complex fracture geometries is expected to occur in shale reservoirs with high pore

pressure and small differential stress. Several shale plays have reported high pore

pressure conditions (more than 0.45 psi/ft) such as Eagle Ford (U.S.), Haynesville

(U.S.), Marcellus (U.S.), Duvernay (Canada), Silurian (China) and Tuwaiq Moun-

tain Formation (Saudi Arabia) [126, 25, 30].

This thesis aims to study the effect of three hydraulic fracture geometries on well-

bore flow performance in overpressured shale oil plays using a commercial reservoir

simulator. It also examines the effect of different natural fracture and discontinuity

properties on reservoir fluid production. It is a parametric investigation which as-

sumes an idealized natural fracture network and hydraulic fracture system. Despite

this, the reservoir simulation results obtained from this study enable us to understand

the impact of complex fracture geometries on hydrocarbon production.
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Figure 6.1: Map view of three hydrofracture geometries (scenarios). The first
scenario is the reference case, which only has three vertical hydraulic fractures. The
second scenario comprises three vertical hydraulic fractures and eight perpendicular
secondary fractures. The last scenario has 3 vertical hydraulic fractures and 2
horizontal bedding plane fractures.

The first fracture geometry (reference scenario) comprises three vertical, bi-wing,

and symmetric hydraulic fractures with small vertical secondary fractures. This sce-

nario represents an ideal and the most common fracture shape studied during fracture

treatment designs. In this case, a high horizontal and vertical differential stress im-

pedes the interaction between hydrofractures and discontinuities. Despite this, a

net pressure higher than the horizontal stress difference and the tensile strength of

the rock, combined with a high pumping rate, reactivate and open small secondary

fractures [81].

The second fracture geometry consists of three vertical, bi-wing hydraulic frac-

tures with eight perpendicular secondary fractures. In this scenario, the stimulation

jobs reactivate pre-existing natural fractures and add complexity to the hydrofrac-

ture system. Low horizontal differential stress and high organic content favor the

interaction between primary hydrofractures and natural fractures. Thus, they create

an interconnected orthogonal hydrofracture network. The case lacks horizontal frac-
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tures due to a markedly high vertical stress magnitude. The last fracture geometry

comprises three vertical and planar hydrofractures with two horizontal bedding plane

fractures. This is a particular case that may be generated in shale reservoirs with

high pore pressure and small differential stress. The three scenarios have a total frac-

turing fluid volume of 12,700 m3 (80,000 bbls). We considered a hydraulic fracture

aperture of 9 mm (0.031 ft), 7 mm (0.024 ft), 4 mm (0.013 ft) for the scenarios with

only vertical fractures, vertical fractures with perpendicular secondary fractures, and

vertical fractures with horizontal fractures, respectively (Figure 6.1).

Figure 6.2 and Figure 6.3 show the wellbore flow performance of the proposed

scenarios. Compared to the reference scenario, the results show that the reactivation

of pre-existing natural fractures enhances the initial reservoir fluid production, while

the generation of horizontal fractures harms the initial production. The results also

illustrate that the interaction between hydrofractures and discontinuities reduces the

cumulative reservoir fluid production at 15 years. Fracture interactions favor frac-

turing fluid leak-off into the discontinuities and reduce primary fracture length and

aperture. After fracture closure, the stimulated discontinuities close due to lack of

proppant. This reduces the stimulated reservoir volume and harms long-term fluid

production.

The simulation scenarios in Figure 6.2 assume an efficient proppant placement

and high conductivity in primary hydrofractures. The primary fracture permeability

is 2000 mD in all scenarios. Therefore, cumulative fluid production slightly differs be-

tween the scenario with secondary fractures and the scenario with horizontal fractures.

Table 6.1 compares the different parameters between the three proposed scenarios. It

shows that the generation of perpendicular secondary fractures increases the initial

water production by 29% and the initial hydrocarbon production by 10%. These frac-

tures are highly conductive pathways that enhance reservoir permeability. Despite

this, the poorly propped secondary fractures close after few months of production,
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but they retain some conductivity. Thus, it reduces the cumulative reservoir fluid

production at 15 years by about 10% compared to the reference case.

On the other hand, the presence of horizontal bedding plane fractures reduces the

initial water production by 40% and the initial hydrocarbon production by 13%. In

this case, the unpropped horizontal fractures experience a rapid closure when produc-

tion starts. Thus, it disconnects a huge stimulated reservoir volume that harms the

wellbore flow performance. The ultimate oil recovery factor at 15 years is about 7.6%.

The scenario with stimulated perpendicular natural fractures has the same recovery

factor because we considered the same primary fracture length and conductivity in

both scenarios. The reference case has an ultimate oil recovery factor of 8.5%.

Table 6.1: Comparison between the scenarios with secondary fractures, horizontal bed-
ding plane fractures, and the reference case (only vertical hydraulic fractures) when all the
scenarios have the same vertical hydraulic fracture permeability (2000 mD).

Parameter
3 Vertical HF + 8

Secondary Fractures

3 Vertical HF + 2

Horizontal Fractures

Water Rate Peak [%] 29 -40

Oil Rate Peak [%] 10 -13

Gas Rate Peak [%] 10 -13

Ultimate Water Production [%] -13 -15

Ultimate Oil Production [%] -8 -10

Ultimate Gas Production [%] -8 -10

The interaction between hydrofractures and bedding planes reduces the primary

fracture aperture and generates poor proppant placement. Therefore, we considered

the loss in primary fracture conductivity caused by horizontal fracture generation to

simulate the third scenario shown in Figure 6.3. In this scenario, the vertical hydraulic

fracture permeability is reduced by 90% (200 mD). It illustrates more realistic results

of wellbore flow performance obtained from shale plays with high pore pressure and

small differential stress. The results show that horizontal fracture generation signifi-

cantly reduces reservoir fluid production. In this case, the ultimate oil recovery factor

at 15 years is 6.7%.
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Table 6.2 compares the different parameters between the three proposed scenarios.

The scenario with horizontal fractures has a primary fracture permeability of 200

mD, and the other two scenarios have a primary fracture permeability of 2000 mD.

The results show that the presence of horizontal fractures reduces the initial water

production by about 80% and the initial hydrocarbon production by 55% compared to

the reference case. The cumulative hydrocarbon production at 15 years is reduced by

20%. In this case, the rapid fracture closure and the low primary fracture conductivity

harms the reservoir fluid production.

Table 6.2: Comparison between the scenarios with secondary fractures, horizontal bedding
plane fractures, and the reference case (only vertical hydraulic fractures) when the scenario
with horizontal bedding plane fractures considers 90% reduction in the vertical hydraulic
fracture permeability.

Parameter
3 Vertical HF + 8

Secondary Fractures

3 Vertical HF + 2

Horizontal Fractures

Water Rate Peak [%] 29 -84

Oil Rate Peak [%] 10 -55

Gas Rate Peak [%] 10 -55

Ultimate Water Production [%] -13 -32

Ultimate Oil Production [%] -8 -20

Ultimate Gas Production [%] -8 -20

In summary, the reactivation of perpendicular natural fractures and the genera-

tion of horizontal fractures negatively impact the cumulative fluid production. Com-

pared to the reference scenario, the generation of perpendicular secondary fractures

increases the initial hydrocarbon production by 10%, while the horizontal bedding

plane fractures reduce hydrocarbon production by 55%. It is important to consider

the reduction in primary fracture conductivity during reservoir simulation when the

fracture geometry comprises horizontal fractures. The generation of these fractures

reduces the primary fracture aperture and produces poor proppant placement.
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Figure 6.2: 15 years of reservoir fluid production obtained by varying the hydraulic
fracture geometry. The first scenario is the reference case, which only has three
vertical hydraulic fractures (black line). The second scenario has three vertical hy-
draulic fractures and eight perpendicular secondary fractures (red line). The last
scenario has three vertical hydraulic fractures and two horizontal bedding plane
fractures (blue line). All the scenarios have equal vertical hydraulic fracture per-
meability (2000 mD).
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Figure 6.3: 15 years of reservoir fluid production obtained by varying the hydraulic
fracture geometry. The first scenario is the reference case, which only has three
vertical hydraulic fractures (black line). The second scenario has three vertical hy-
draulic fractures and eight perpendicular secondary fractures (red line). The last
scenario has three vertical hydraulic fractures and two horizontal bedding plane
fractures (blue line). The scenario with only vertical hydraulic fractures and the
scenario with additional reactivated natural fractures have a vertical hydraulic frac-
ture permeability of 2000 mD. The scenario with horizontal fractures has a vertical
hydraulic fracture permeability reduced by 90% (200 mD).
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This thesis presents the importance of understanding the possible hydraulic frac-

ture geometry generation based on reservoir conditions, especially in reservoirs with

high pore pressure and small differential stress. These reservoirs favor the genera-

tion of complex hydraulic fracture systems due to the interaction between the pri-

mary hydraulic fractures and reservoir discontinuities. The results illustrate that

the assumption of vertical and planar hydraulic fracture geometry in these reservoirs

overestimates the hydrocarbon production.
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Chapter 7

Conclusions

This section summarizes the key results obtained in this study. Our study was per-

formed in three stages. First, we conducted a literature review of stimulation jobs

in shale oil reservoirs focusing on the interactions between hydrofractures and dis-

continuities (bedding planes and natural fractures) and the complexity of hydrofrac-

ture geometry. Second, we investigated the effect of different natural fractures and

hydrofractures parameters on wellbore flow performance. Third, we evaluated the

impact of hydrofracture geometry on reservoir fluid production. The analysis was

performed using a commercial reservoir simulator (CMG IMEX).

The main conclusions derived from this study are as follows:

• A single-stage model is a valid simplification to model hydraulically fractured

shale oil reservoirs when the analysis includes the stimulated reservoir volume

(SRV) concept. This concept assumes uniform hydrofracture distribution along

the wellbore and equal hydrofracture properties that result in identical fracture

stage behavior. Our results show less than 5% difference between the cumulative

hydrocarbon production at 15 years using the single-stage model and the multi-

stage model (22 stages). The single-stage model reduces the computational time

from an hour to a few minutes in reservoir model construction.

• We attempt to evaluate the effect of natural fracture spacing and orientation

on wellbore flow performance. These analyses enable us to select realistic val-

ues for our simulation models. The first study evaluated three scenarios with

natural fracture spacing of 6 m (20 ft), 9 m (30 ft), and 12 m (40 ft). Our
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results show that the reduction of natural fracture spacing enhances reservoir

fluid production. It results in more flow conduits per reservoir volume that en-

hance reservoir permeability. The reduction of fracture spacing by 3 m (10 ft)

increases the cumulative water production by 20% and the cumulative hydro-

carbon production at 15 years by 4%. Incremental production was observed,

especially during the initial stages, before natural fracture closure. Initial hy-

drocarbon production increases by about 100% when natural fracture spacing

varies from 12 m (40 ft) to 6 m (20 ft). The second study evaluated three

scenarios with different natural fracture orientation. Our results reveal that

natural fractures, oriented parallel to the wellbore, enhance the connectivity

between reservoir matrix and hydrofractures. Consequently, they increase the

initial hydrocarbon production by 40% compared to the scenario with natural

fractures oriented perpendicular to the wellbore.

• We evaluated the closure-mechanism of natural fractures and hydraulic frac-

tures by varying the compaction curves on the simulation model. Our results

show that natural fracture closure impacts reservoir fluid production. The

cumulative hydrocarbon production at 15 years increases by 15% with the re-

duction of natural fracture compressibility from 3×10-8 Pa-1 (2×10-4 psi-1) to

1×10-9 Pa-1 (9×10-6 psi-1). In contrast, hydraulic fracture closure-mechanism

plays an important role in wellbore flow performance, when hydrofractures are

partially propped. The lack of proppant in hydrofracture tips generates a rapid

closure and reduces the effective (propped) hydrofracture length. It reduces

the initial hydrocarbon production by 20% and the cumulative hydrocarbon

production at 15 years by 30% compared to the scenario with fully propped

hydrofractures.

• The increase in the number of clusters per stage during stimulation jobs en-

hances the initial hydrocarbon production, but it may harm the long-term pro-
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duction. We studied three scenarios with two, three, and five clusters per stage.

Our results reveal that the scenarios with five and three clusters per stage gen-

erate an ultimate oil recovery factor at 15 years of 8.5%. The scenario with two

clusters per stage produces an ultimate oil recovery factor of 6.1%. In contrast,

the initial hydrocarbon production significantly increases with the number of

clusters per stage. The initial hydrocarbon production increases by about 70%

when the wellbore completion varies from three to five clusters per stage. Cur-

rently, operators opt for wellbore completions with a higher number of clusters

per stage to produce higher initial hydrocarbon rates. This methodology recov-

ers the initial investment in the first few years of production.

• The interaction between primary hydrofractures and perpendicular natural frac-

tures may initiate and hydraulically open secondary fractures. Our results show

that those fractures improve reservoir permeability and contribute to the ini-

tial hydrocarbon production when they reach similar primary hydrofracture

conductivity. The increase in the number of secondary fractures from 6 to 14

enhances the initial hydrocarbon production by about 13%. The generation

of secondary fractures reduces the primary hydrofracture length and aperture.

The shortened primary fracture length, combined with the closure of secondary

fractures, harms long-term production. Thus, they reduce the cumulative hy-

drocarbon production at 15 years by about 8% compared to the scenario with

only vertical hydrofractures.

• The generation of horizontal fractures reduces the primary hydrofracture length

and aperture. This may produce premature proppant screen-out and inefficient

proppant placement into primary hydrofractures. The lowered primary fracture

conductivity combined with rapid horizontal fracture closure harm wellbore flow

performance. Our results show that horizontal fractures reduce cumulative hy-

drocarbon production at 15 years by about 20% and the initial hydrocarbon
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production by 55% compared to the scenario with only vertical hydraulic frac-

tures. This fracture geometry is a particular scenario that may occur in shale

plays with high pore pressure and small differential stress. Such conditions of-

ten exist in reservoir environments with transitional strike-slip to reverse fault-

ing regime. These conditions favor the interaction between hydrofractures and

horizontal bedding planes, which may result in massive stimulation jobs and

undesirable reservoir fluid production.

• It is crucial to consider hydrofracture geometry complexity in shale oil reservoir

simulation to obtain more realistic hydrocarbon forecasting. The assumption

of vertical, symmetrical, and ideal fractures may lead to an overestimation of

hydrocarbon production, especially if the modeled formation is characterized by

high pore pressure and small differential stress. These conditions enhance the

interaction between primary hydrofractures and natural fractures or horizontal

bedding planes. Thus, stimulation jobs may create vertical secondary fractures

or horizontal fractures. The generation of unpropped horizontal fractures harms

hydrocarbon productivity, while secondary fractures may improve initial fluid

production.
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Production Outlook,” SPE Economics & Management, vol. 5, no. 03, pp.

89–104, 2013. [Online]. Available: https://doi.org/10.2118/165585-PA

[124] Q. Darugar, D. Heinisch, B. J. Lundy, P. Witte, W. Wu, and S. Zhou,

“Estimating Ultimate Recovery and Economic Analysis of Shale Oil Wells in

Eagle Ford and Bakken,” Abu Dhabi, UAE, p. 18, 2016. [Online]. Available:

https://doi.org/10.2118/183396-MS

[125] S. Haider, W. Saputra, and T. Patzek, “The key factors that determine the

economically viable, horizontal hydrofractured gas wells in mudrocks,” 2020.

[Online]. Available: http://hdl.handle.net/10754/662819

[126] M. Zoback and A. Kohli, “Stress, Pore Pressure, Fractures and Faults,” in

Unconventional Reservoir Geomechanics: Shale Gas, Tight Oil, and Induced

Seismicity. Cambridge: Cambridge University Press, 2019, pp. 181–230.

[127] W. Saputra, W. Kirati, and T. Patzek, “Generalized extreme value statistics,

physical scaling and forecasts of gas production in the Haynesville shale,” 2020.

http://www.sciencedirect.com/science/article/pii/S187551001630909X
https://doi.org/10.2118/165585-PA
https://doi.org/10.2118/183396-MS
http://hdl.handle.net/10754/662819


131

APPENDICES

A Appendix A Economic model

In order to calculate the net present value (NPV), it is necessary to calculate the net

cash flow, which reproduces the cash flows in the project over the life time. Then,

the net cash flow is the earnings minus the cost of the project. The net cash flow

(NCF) in the year-x is calculated by the following equation [120]:

NCFx = GRx − CAPEXx − OPEXx − ROYx − TAXx (A.1)

Where,

– GRx, Gross revenue in year-x, [$ Million].

– CAPEXx, Capital expenditures in year-x, [$ Million].

– OPEXx, Operating expenditure in year-x, [$ Million].

– ROYx, Royalty in year-x, [$ Million].

– TAXx, Taxation in year-x, [$ Million].

The Gross revenue (GR) is the multiplication of the average oil price by the annual

oil production rate [120, 127].

GRx = Px × Qx (A.2)

Where,

– Px, Oil price in year-x, [$/bbl].

– Qx, net production in year- x, [bbls/year].
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The capital expenditure (CAPEX) is the total investment made during the first

year to do the project. Then, the CAPEX comprises mainly the drilling cost, com-

pletion cost and the land cost. Additionally, the operating expenditure (OPEX) are

the expenses related to the operations in the field. Then, it comprises the surface

facilities, the type of wellbores, the reservoir fluids storage, the water disposal and

other services required in the well [120]. Then, the operating expenditure can be

calculate by the following equation [120, 127]:

OPEXx = OPECOST × Qx (A.3)

Where,

– OPECOST, operating cost, [$/Mbbl].

The royalty is the cost per unit of production. Then, it is calculated by multiplying

the royalty rate (R) by the gross revenue (GR) [120].

ROYx = R × GRx (A.4)

Where,

– R, royalty rate, [fraction/year]. This rate is the company ownership of a part

of the hydrocarbon produced.

The taxation (TAX) is the money paid to the government. This can be calculated

by the difference between the net revenue (NR) and the operating expenditure. The

equation to calculate the taxation is [120, 127]:

TAXx = CORPTAX(GRx − ROYx − OPEXx − INTANEXx − DEPx) × SEVTAX(Qx × Px)

(A.5)

Where,

– CORPTAX, federal or corporate tax, [fraction/year]. The corporate tax is the
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tax paid to the Internal Revenue Service (IRS).

– SEVTAX, severance or production, [fraction/year]. This value is the percentage

of the market value of oil produced that is taken by the state.

– INTANEXx, intangible capital expenditures in year x, [$ Million].

– DEPx, depreciation in year x, [$ Million].

The intangible capital expenditures (INTANEXx) or intangible drilling cost can

be calculated by the following equation [120]:

INTANEXx = INTAN × CAPEX0

(
Qx∑Total years

i=0 Qx

)
(A.6)

The depreciation, depletion and amortization (DEPx) is the cost of the tangible

evaluation over the useful life. It is calculated by the following equation [127]:

DEPx =
DB

t
×

[
(1 − INTAN) × CAPEX0

x−1∑
i=0

DEPx

]
(A.7)

Where,

– DB, declining balance. This is the percentage assigned to tangible expenditures.

– t, time period in which the equipment is amortized [120].

Finally, the present value (PV) is calculated by the following equation [120]:

PVx =
NCFx

(1 + DR)x
(A.8)

Where,

– DR, discount rate, [fraction/year].

Then, the net present value is the summation of all the present value calculated

by the total years of production [120]:

NPV =

Total years∑
i=0

PVx (A.9)
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